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A.6.0  Supply-Side Alternatives


This section presents the supply-side technologies that were considered by the Participants, either as alternatives to TEC or as capacity resource options in addition to TEC.  These alternatives include renewable technologies, conventional technologies, emerging technologies, advanced technologies, energy storage technologies, and distributed generation technologies.  This section also includes a screening analysis of the supply-side alternatives, which will identify the technologies considered in the detailed economic analysis for each Participant.
A.6.1  Renewable Technologies


Renewable energy technologies are diverse; they include wind, solar, biomass, biogas, geothermal, hydroelectric, and ocean energy.  The technical feasibility and cost of energy from nearly every form of renewable energy has improved since the early 1980s.  However, most renewable energy technologies struggle to compete economically with conventional fossil fuel technologies and, in most countries, the renewable fraction of total electricity generation remains small.  Nevertheless, the field is rapidly expanding from occupying niche markets to making meaningful contributions to the world’s electricity supply.


This section provides an overview and analysis of various renewable energy technologies, including the following:

· Solid biomass (direct-fired, gasification and IGCC, and co-firing).
· Biogas (anaerobic digestion and landfill gas [LFG]).
· Waste-to-energy (WTE) (mass burn and refuse derived fuel [RDF]).
· Wind (onshore and offshore).
· Solar (solar thermal and solar photovoltaic [PV]).
· Geothermal.
· Hydroelectric.
· Ocean energy (ocean thermal energy conversion, wave, marine current, and tidal).

Generally, each technology is described with respect to its operating principles, applications, resource availability, cost and performance characteristics, and environ​mental impacts.  Estimates for costs and performance parameters were based on Black & Veatch project experience, vendor inquiries, and a literature review.  Capital costs are in 2006 dollars and reflect the total project cost, including direct and indirect costs.  Levelized costs are based on the municipal tax exempt bond rates presented in Section A.4.  Owner’s costs were not included in the total project cost because such costs vary significantly for renewable technologies.  The inclusion of these owner’s costs would further increase the cost of the renewable technologies.

The use of municipal tax exempt bond financing presented in Section A.4 will result in lower levelized costs than for private sector financing.  Levelized costs for municipal utilities are also lower, since municipal utilities are exempt from property taxes; whereas, independent power producers (IPPs) are not exempt from property taxes.  As discussed below, municipal utilities have some financial incentives available to them for the development of renewable projects; however, it is in general less likely that municipals will be able to utilize the incentives compared to the private sector.  Overall, there are generally more incentives available to IPPs for the development of renewable projects as discussed below.  It is possible that the incentives available to IPPs can more than offset the higher financing costs of the IPPs.  As such, estimates have been developed for the expected range of savings for IPP development of renewable projects net of the IPP higher financing costs and are presented as appropriate in tables throughout the remainder of this section.  As discussed below, certain specific situations may result in the use of multiple incentives for renewable projects that could result in lower costs than shown by the ranges in the tables, but these would be specific cases and not the case in general.  Furthermore, many of the incentives are subject to renewal or require appropriation and cast uncertainty over their application in general. 

Financial Incentives for Renewable Technologies


A number of financial incentives are available for the installation and operation of renewable energy technologies.  The following discussion summarizes incentives that are available to new renewable energy facilities.  Although many of the incentives are designed as tax credits, non-taxable entities may be able to benefit from the incentives by contracting with a taxable entity or using other project structures.  Estimates of possible all-in savings from tax credits and accelerated depreciation to a tax-paying entity (i.e. independent power producers, or IPPs) compared to a municipal utility as described in the following discussion are provided throughout this section when applicable.
Tax Related Incentives

The predominant incentive offered by the federal government for renewable energy has been through the US tax code in the form of tax deductions, tax credits, or accelerated depreciation.  An advantage of this form of incentive is that it is defined in the tax code and is not subject to annual congressional appropriations or other limited budget pools (such as grants and loans).  Tax related incentives include the Section 45 Production Tax Credit (PTC), Section 48 Investment Tax Credit (ITC), and accelerated depreciation.  The ability to utilize tax credits is limited not only by specific legal considerations, but also by practical considerations.  It can be difficult to line up the risks and benefits of a specific transaction with the appropriate participants and their tax status.

Municipal utilities and other tax-exempt entities are not able to directly take advantage of these tax incentives.  Tax-exempt entities, however, do enjoy a number of other benefits when financing and operating capital investments.  The most obvious benefit is freedom from federal and state income tax liability.  Depending on project location and local laws, payment of property taxes may also be reduced or eliminated.  These entities are also able to issue tax-exempt debt, which carries considerably lower interest rates than comparable corporate debt.  

The Section 45 PTC is available to private entities subject to taxation for the production of electricity from various renewable energy technologies.  The Energy Policy Act of 2005 expanded and extended the PTC through 2007.  For most technologies, the facility must be in service by January 1, 2008.  The income tax credit amounts to 1.5 cents/kWh (subject to annual inflation adjustment and equal to 1.9 cents/kWh in 2006) of electricity generated by wind, solar, geothermal, and closed-loop biomass.  The credit is equal to 0.75 cents/kWh (inflation adjusted, equal to 1.0 cents/kWh in 2006) for all other renewable energy technologies.  A problem with the credit is the ever present threat of expiration, which promotes boom and bust building patterns.  

The Section 48 ITC effectively offsets a portion of the initial capital investment in a project.  The Energy Policy Act of 2005 modified the ITC to include additional resources and to increase the credit amount.  The ITC provisions are now: 

· Solar – Eligible solar equipment includes solar electric and solar thermal systems.  The credit amount for solar is 30 percent for projects that come online in 2006 and 2007; otherwise, it is 10 percent.  

· Fuel cells – Fuel cells installed in 2006 and 2007 are eligible for the ITC.  The credit amount is 30 percent with the maximum credit capped at $1,000/kW.  

· Microturbines – Microturbines installed in 2006 and 2007 are eligible for the ITC.  The credit amount is 10 percent with the maximum credit capped at $200/kW.  

· Geothermal – Geothermal includes equipment used to produce, distribute, or use energy derived from a geothermal deposit. It does not include geothermal heat pumps.  The credit amount is 10 percent, but it cannot be taken in conjunction with the PTC.  

The language of the PTC extension does not allow claiming of both the PTC and the ITC.  Project developers must choose one or the other.  For capital intensive solar projects, the ITC is typically more attractive.  For geothermal projects, the PTC is more attractive. The ITC also interacts with accelerated depreciation, as discussed further below.  

Section 168 of the Internal Revenue Code contains a Modified Accelerated Cost Recovery System (MACRS) through which certain investments can be recovered through accelerated depreciation deductions. There is no expiration date for the program.  Under this program, certain power plant equipment may qualify for 5-year, 200 percent (i.e., double) declining-balance depreciation, while other equipment may also receive less favorable depreciation treatment.  Renewable energy property that will receive the 5-year MACRS includes:  

· Solar – Solar property that meets the same standards for eligibility required by the federal 10 percent investment tax credit.

· Wind – Wind property subject to the same 25 percent limit on dual-fueled equipment required for solar property.

· Geothermal – Geothermal property up to the electrical transmission stage.

· Biomass – Qualifying Facilities 80 MW or less that directly burn at least 50 percent biomass to generate electricity. The power plant must burn the biomass directly to qualify.  

The accelerated depreciation law also specifies that the depreciable basis is reduced by the value of any cash incentives received by the project, and by half of any federal investment tax credits (e.g., the ITC).  This provision has the effect of lowering the depreciable basis to 95 percent for projects that receive the 10 percent ITC (and 85 percent for projects that take the 30 percent ITC) but no other cash incentives.

Non Tax-Related Incentives

The Renewable Energy Production Incentive (REPI) program was developed as a public sector counterpart to the PTC (Section 45) discussed previously.  The REPI has been recently renewed through September 30, 2016 as part of the Energy Policy Act of 2005.  Qualifying facilities must use solar, wind, ocean, geothermal, or biomass (except for municipal solid waste) generation technologies.  Under the REPI program, qualifying facilities are eligible for an annual incentive payment of 1.5 cents/kWh (subject to annual inflation adjustment and equal to 1.9 cents/kWh in 2005).  The payment is given for a period of ten years after the facility begins operation.  The payment is subject to the availability of annual congressional appropriations.    

There are two major shortcomings of the REPI program as it currently exists.  First, the REPI program’s reliance on annual Congressional appropriations limits its effectiveness as a financial incentive.  Second, program appropriations for recent years (2003 and 2004) have not been sufficient to make full incentive payments for electricity.  As a result, planners of renewable energy generation facilities have often not relied on REPI payments when evaluating the feasibility of projects.  The DOE recognizes the problems of the REPI program and has sought and reviewed comments on options to make REPI a more effective incentive.  These options would require either regulatory or statutory change and would need significantly higher levels of appropriations, which may be unrealistic.

Clean Renewable Energy Bonds (CREBs) were introduced as part of the Energy Policy Act of 2005 as a response to the perceived problems with the REPI program.  CREBs provide interest-free loans to public utilities (including rural electric co-ops), while providing tax credits to purchasers (the investors who buy the bonds).  Qualifying projects are renewable energy projects which meet the same technical definitions as the Section 45 PTC (with the exception of the placed-in-service date).  Congress authorized $800 million in bonds over two years with repayment terms of 12 to 15 years.  

Of the $800 million allocated, a maximum of $500 million is for governmental entities, with the remainder reserved for co-ops.  The deadline for applying for CREBs was April 26, 2006.  The IRS indicated that projects would be funded starting with the smallest request and continuing with the next smallest until the funds are exhausted.  This makes the CREB funds much more likely to be available for small projects.

Florida Incentives
Passage of SB 888, a comprehensive energy bill for Florida, includes a Florida Energy Commission, the Renewable Energy Technologies Grants program, tax exemptions for alternative energy technologies, and tax credits for development and expansion of facilities that produce renewable energy in Florida.  SB 888 amends Section 186.801, F.S.  As part of the analysis of electric utility ten-year site plans, the Florida Public Service Commission (FPSC) is to review the plan’s effect on fuel diversity within the State.  SB 888 creates Section 366.92, F.S. which states the intent of the Legislature to develop renewable energy and allows the FPSC to adopt goals for increasing the use of Florida renewable energy resources

SB 888 includes four private sector and three municipal sector incentive programs.  Most are not applicable to electric generating facilities.  The following is a summary of the portions of SB 888 related to electric generating facilities.

· Corporate Renewable Energy Production Tax Credit – While Florida has no individual income tax, it does have a corporate income tax. With the enactment of SB 888, a corporate renewable energy tax credit was created in the amount of $0.01/kWh of electricity produced and sold by the taxpayer to an unrelated party in the taxable year.   A facility placed in service after May 1, 2006 receives a credit based on their full production.  The State puts a limit of $5 million in credits in the State fiscal year.

· Florida Renewable Energy Technologies Grants Program – This newly established program (by SB 888) is open to in-state municipalities, utilities, not-for-profit organizations, commercial businesses and others to offset the capital cost of renewable installations. Up to $15 million may be available for fiscal year 2006-07. These are matching funds for demonstration, commercialization, research and development projects in renewable energy.  Factors that are considered in awarding the grants are economic development, matching funds, technical feasibility, and public visibility among others.
A.6.1.1  Biomass


Biomass is any material of recent biological origin; the most common form is wood.  Electricity generation from biomass is the second most prolific source of renewable electric generation after hydroelectric power.  Solid biomass power generation options include direct-fired biomass, biomass gasification, and co-fired biomass, as described in the following subsections.  
A.6.1.1.1  Direct-Fired Biomass.  According to the US Department of Energy, there is about 35,000 MW of installed biomass combustion capacity worldwide.
  Combined heat and power applications in the pulp and paper industry comprise the majority of this capacity.

Operating Principles


Direct biomass combustion power plants in operation today use the same steam Rankine cycle that was introduced commercially 100 years ago.  In many respects, biomass power plants are similar to coal plants.  When burning biomass, pressurized steam is produced in a boiler and then expanded through a turbine to produce electricity.  Prior to its combustion in the boiler, the biomass fuel may require processing to improve the physical and chemical properties of the feedstock.  Furnaces used in biomass combustion include spreader stoker fired, suspension fired, fluidized bed, cyclone, and pile burners.  Advanced technologies, such as integrated biomass gasification combined cycle and biomass pyrolysis, are currently under development; however, there are no  IGCC plants currently operating with biomass as a primary fuel.

Applications


Although wood is the most common biomass fuel, other biomass fuels include agricultural residues such as bagasse (sugar cane residues), dried manure and sewage sludge, black liquor from pulp mills, and dedicated fuel crops such as fast growing grasses and eucalyptus. 


Biomass plants usually have a capacity of less than 50 MW because of the dispersed nature of the feedstock and the large quantities of fuel required.  As a result of the smaller scale of the plants and lower heating values of the fuels, biomass plants are commonly less efficient than modern fossil fuel plants.  In addition to being less efficient, biomass is generally more expensive than conventional fossil fuels on a $/MBtu basis because of added transportation costs.  These factors usually limit the use of direct-fired biomass technology to inexpensive or waste biomass sources.

Resource Availability


To be economically feasible, dedicated biomass plants are located either at the source of a fuel supply (such as at a sawmill) or within 100 miles of numerous suppliers.  Wood and wood waste are the primary biomass resources and are typically concentrated in areas of high forest product industry activity.  In rural areas, agricultural production can often yield significant fuel resources that can be collected and burned in biomass plants.  These agricultural resources include bagasse, corn stover, rice hulls, wheat straw, and other residues.  Energy crops, such as switchgrass and short rotation woody crops, have also been identified as potential biomass sources.  In urban areas, biomass is typically comprised of wood wastes such as construction debris, pallets, yard and tree trimmings, and railroad ties.  Locally grown and collected biomass fuels are relatively labor intensive and can provide substantial employment benefits to rural economies.  In general, the availability of sufficient quantities of biomass is less of a feasibility concern than the high costs associated with transportation and delivery of the fuel. 


Based on recent biomass resource assessments with which Black & Veatch is familiar, the expected cost of clean wood residues in the region can vary by up to 40 percent, depending on the type of residue, quantity, and hauling distance.  To reflect this variance, a delivered price range of $1.25 to $2.00 per MBtu was assumed in this analysis.

Cost and Performance Characteristics


Table A.6-1 presents typical characteristics of a 30 MW stoker boiler biomass plant with Rankine cycle using wood waste as fuel.

	Table A.6-1

Direct Biomass Combustion Technology Characteristics



	Performance
	

	Typical Duty Cycle
	Baseload

	Net Plant Capacity (MW)
	30

	Net Plant Heat Rate (HHV,(1) Btu/kWh)
	14,500

	Capacity Factor (percent)
	70 to 90

	Economics ($2006)
	

	Total Project Cost ($/kW)
	2,306 to 3,331

	Fixed O&M ($/kW-yr)
	71.75

	Variable O&M ($/MWh)
	10.25

	Levelized Cost(2) ($/MWh)
	73 to 112

	Possible Savings for IPPs ($/MWh)
	0 to 10

	Technology Status
	

	Commercial Status
	Commercial

	Installed US Capacity (MW)
	7,000

	(1)HHV--Higher Heating Value.

(2)The low ends of the levelized costs are based on a 90 percent capacity factor, a capital cost of $2,306/kW, and a fuel price of $1.25/MBtu.  The high ends of the levelized costs are based on a 70 percent capacity factor, a capital cost of $3,331/kW, and a fuel price of $2.00/MBtu. 


Environmental Impacts


Biomass power projects must maintain a careful balance to ensure long-term sustainability with minimal environmental impact.  Most biomass projects target the use of biomass waste material for energy production, saving valuable landfill space.  Biomass projects that burn forestry or agricultural products must ensure that both fuel harvesting and collection practices are sustainable and do not adversely affect the environment.

Unlike fossil fuels, biomass is viewed as a carbon-neutral power generation fuel.  While CO2 is emitted during biomass combustion, a nearly equal amount of CO2 is absorbed from the atmosphere during the biomass growth phase.  Furthermore, biomass fuels contain little sulfur compared to coal and, therefore, produce less SO2.  Finally, unlike coal, biomass fuels typically contain only trace amounts of toxic metals, such as Hg, cadmium, and lead.  However, biomass combustion still must include technologies to control emissions of NOx, PM, and CO to maintain BACT standards.  
A.6.1.1.2  Biomass Gasification and IGCC.  Biomass gasification is an emerging technology that converts solid biomass into a gaseous fuel which can then be combusted or otherwise utilized.  There are numerous uses for the gas and many different gasifier technologies.  IGCC is a developing application that combines a gasifier with a conventional combined cycle power plant (combustion turbine followed by a steam cycle).  The majority of IGCC plants constructed worldwide to date are fossil fueled, and there are only two coal fired IGCC plants generating power in the United States.  There are no IGCC plants currently operating with biomass as a primary fuel.
Operating Principles


Biomass gasification is a process to convert solid biomass into a gaseous fuel.  This is accomplished by heating the biomass in an environment low in oxygen (“fuel rich”).  Gasification is a promising process for biomass conversion.  By converting solid fuel to a combustible gas, gasification allows the use of more advanced, efficient, and environmentally benign energy conversion processes such as gas turbines and fuel cells to produce power, and chemical synthesis to produce ethanol and other value added products.  There is a huge variety of gasification technologies including updraft, downdraft, fixed grate, entrained flow, fluidized bed, and molten metal baths.  The technology choice depends primarily on the fuel characteristics and the desired capacity of the plant.


The primary product of air-blown gasification is a low heating value fuel gas, typically 15 to 20 percent (150-200 Btu/ft3) of the heating value of natural gas (1,000 Btu/ft3).  Using oxygen, steam, or indirect heating results in a higher quality gas, although at higher costs.  Gasifier fuel gas is alternatively known as syngas and producer gas.   
Applications


The primary advantage of gasification over direct combustion is the versatility of the gasification product.  Gasification expands the use of solid fuel to include practically all the uses of natural gas and petroleum, including close-coupled boilers, gas engines and turbines, fuel cells, chemical synthesis, and Stirling engines.  The various fuel gas conversion options are illustrated on Figure A.6-1.
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General Gasification Flow

One of the principal focus areas for biomass gasification technology developers has been biomass IGCC.  In an IGCC plant, the syngas exiting the gasifier is cleaned and combusted in a combustion turbine, generating power. Heat is then exhausted from the gas turbine at a high enough temperature to generate steam for use in a traditional steam cycle.  Commercial-scale IGCC coal fired power plants are considered to be a highly efficient solid-fuel technology.  Net conversion to electricity for biomass IGCC plants is projected to be approximately 35 percent, compared to 20 to 25 percent for direct-fired biomass plants.  The potentially significant increase in efficiency makes biomass IGCC attractive; however, the recent problems experienced with the technology demonstration will need to be overcome.  

Although there are many gasifiers installed that produce fuel gas for close-coupled combustion in a boiler (essentially staged combustion), recent attempts to demonstrate more advanced processes, such as IGCC, have not been successful.  Issues have been related partially to the gasification process itself, but also to supporting ancillary equipment, such as fuel handling and gas cleanup. Regardless, there are several biomass gasification equipment suppliers, including Foster Wheeler, Energy Products of Idaho, and Primenergy, that continue to develop gasification technology for other applications.
Resource Availability


A biomass gasification or biomass IGCC plant would have the same resource availability issues as a direct-fired biomass plant.  To be economically feasible, it should be located either at the source of a fuel supply or within 100 miles of numerous suppliers.  Wood, wood byproducts, agricultural residues, energy crops, and urban wood wastes are all suitable fuels for a biomass IGCC plant.  


Like other biomass conversion technologies, an IGCC biomass plant would be limited in capacity by the amount of resource that could feasibly be delivered.  A reasonable estimate for this limit is 30 MW to 75 MW, depending on the location.  Conversely, coal IGCC power plants are typically limited by the gas turbine capacity, not by fuel availability, and can be designed for much larger capacities similar to other fossil fuel power plants.
Cost and Performance Characteristics


Given the lack of commercial experience, cost and performance estimates for an IGCC biomass plant are uncertain.  Since it would be limited to a size much smaller than an IGCC coal plant, an IGCC biomass plant would not benefit from the economies of scale of such plants.  Furthermore, an IGCC biomass plant would be significantly more costly than a stand-alone biomass combustion plant, however more efficient.  Table A.6-2 presents typical characteristics for a biomass IGCC combustion plant.

Environmental Impacts


An IGCC biomass project would have the same long-term sustainability concerns as other biomass conversion technologies.  Biomass is viewed as a carbon-neutral power generation fuel.  While CO2 is emitted during biomass conversion, a nearly equal amount of CO2 is absorbed from the atmosphere during the biomass growth phase.  Furthermore, biomass fuels contain little sulfur compared to coal and therefore produce less SO2.  Finally, unlike coal, biomass fuels typically contain only trace amounts of toxic metals, such as Hg, cadmium, and lead.  However, biomass gasification technologies still must include equipment to control emissions of NOx, PM, and CO to maintain BACT standards.  It is important to note that given that biomass IGCC has higher efficiency than biomass combustion-based power plants, the pounds of pollution per MWh generated are substantially less.
	Table A.6-2

Biomass IGCC Technology Characteristics



	Performance
	

	Typical Duty Cycle
	Baseload 

	Net Plant Capacity (MW)
	30 to 75

	Net Plant Heat Rate (HHV, Btu/kWh)
	10,000 to 11,500

	Capacity Factor (percent)
	60 to 80

	Economics ($2006)
	

	Total Project Cost ($/kW)
	2,500 to 4,000

	Fixed O&M ($/kW-yr)
	70

	Variable O&M ($/MWh)
	15

	Levelized Cost(1) ($/MWh)
	78 to 132

	Possible Savings to IPPs ($/MWh)
	0 to 10

	Technology Status
	

	Commercial Status
	Demonstration

	Installed US Capacity (MW)
	0

	(1)The low ends of the levelized costs are based on an 80 percent capacity factor, a fuel cost of $1.25/MBtu, and a capital cost of $2,500/kW.  The high ends of the levelized costs are based on a 60 percent capacity factor, a fuel cost of $2.00/MBtu, and a capital cost of $4,000/kW.  


A.6.1.1.3  Biomass Co-Firing.  

Operating Principles


One of the most economical methods to burn biomass is to co-fire it with coal.  Co-fired projects are usually implemented by retrofitting a biomass fuel feed system to an existing coal plant, although greenfield facilities can also be designed to accept a variety of fuels.  

As discussed in the previous section, a major challenge to biomass power is that the dispersed nature of the feedstock and high transportation costs generally preclude plants larger than 50 MW.  By comparison, coal power plants rely on the same basic power conversion technology, but can have much higher unit capacities, exceeding 1,000 MW.  As a result of this larger capacity, modern coal plants are able to obtain a higher efficiency at a lower cost.  Through co-firing, biomass benefits from this higher efficiency through a more competitive cost than a stand-alone, direct-fired biomass plant.

Applications


There are several methods of biomass co-firing that can be used to produce energy on a commercial scale.  Provided that they were initially designed with some fuel flexibility, stoker and fluidized bed boilers generally require minimal modifications to accept biomass.  For these types of boilers, simply mixing the fuel into the coal pile may be sufficient to co-fire biomass.


Cyclone boilers and pulverized coal boilers (the most common in the utility industry) require a smaller fuel size than stokers and fluidized beds and may necessitate processing of the biomass prior to combustion.  There are two basic approaches to co-firing in this case: co-feeding the biomass through the coal processing equipment or separately processing and then injecting the biomass.  The first approach blends the fuels and feeds the mixture to the coal processing equipment (crushers, pulverizers, etc.).  In a cyclone boiler, up to 10 percent of the coal heat input can be replaced with biomass using this method.  Pulverizers in a pulverized coal boiler are not designed to process relatively low density biomass, and fuel replacement is generally limited to approximately 2 or 3 percent if the fuels are mixed.  The second approach (separate biomass processing and injection) allows higher co-firing percentages (10 to 15 percent) in a pulverized coal unit, but costs more than processing a fuel blend.  


Even at these limited co-firing rates, plant owners and operators have raised numerous concerns about the negative effects of co-firing on plant operations. These include the following:

· Negative impact on plant capacity.

· Negative impact on boiler performance.

· Ash contamination decreasing the quality of coal ash.

· Increased O&M costs.

· Minimal NOx reduction potential (usually proportional to biomass heat input).

· Boiler fouling/slagging because of the high alkali in biomass ash (more of a concern with fast growing biomass, such as energy crops).

· Potentially negative impacts on SCR air pollution control equipment (catalyst poisoning).


These concerns have hampered the adoption of widespread biomass co-firing by electric utilities in the United States.  However, most of these concerns can be addressed through proper system design, fuel selection, and limits on the amount of co-firing.


Coal and biomass co-firing can also be considered in the design of new power plants.  Designing the plant to accept a diverse fuel mix allows the boiler to incorporate biomass fuel, ensuring high efficiency with low O&M impacts.  Fluidized bed technology is often the preferred boiler technology since it has inherent fuel flexibility.  There are many fluidized bed units around the world that burn a wide variety of fuels, including biomass.  An example is a 240 MW circulating fluidized bed (CFB) in Finland, which burns a mixture of wood, peat, and lignite.  This unit is capable of burning various fuels, ranging from 100 percent biomass to 100 percent coal.

Resource Availability

For viability, the candidate coal plant should be located within 100 miles of suitable biomass resources.  The United States has a larger installed biomass power capacity than any other country in the world.  US-based biomass power plants provide 7,000 MW of capacity to the national power grid.  Coal power generation accounted for 2.02 trillion kWh in 2005, which comprised 52.2 percent of the total generation in the United States.  Conversion of as little as 5 percent of this generation to biomass co-firing would increase electricity production from biomass by nearly 400 percent.

The local resources available for biomass co-firing are the same as those for dedicated biomass plants.  Biomass is assumed to be available at a cost of between $1.25 and $2.00 per MBtu.

Cost and Performance Characteristics


Table A.6-3 presents typical characteristics for a biomass and coal co-fired plant.  The characteristics are based on co-firing 20 MW of biomass (separate injection) in a new 765 MW (net) pulverized coal power project.  Except for fuel, the characteristics are provided on an incremental basis (changes that would be expected compared to the coal plant).  The primary capital cost for the project would be related to the biomass material handling system.


The incremental levelized costs presented for the co-fired biomass plant were calculated as the differential cost between co-firing and operating on only coal, with the cost and performance of the coal unit based on the estimated cost and performance for the proposed Taylor Energy Center (TEC) presented in Section A.3.0.  That is, the levelized cost for TEC without co-firing was calculated and compared to the levelized cost for TEC assuming 20 MW of biomass co-firing.

Analysis of the range of incremental levelized costs presented in Table A.6-3 indicates that there would be a negligible impact on the levelized costs of TEC if biomass was to be co-fired with TEC’s fuel blend.  The range of incremental levelized costs of between approximately $-0.20/MWh to approximately $0.22/MWh is based on a biomass component of between approximately $21/MWh to approximately $37/MWh.

	Table A.6-3
Co-Fired Biomass Technology Characteristics



	Performance
	

	Typical Duty Cycle
	Typically baseload, depends on host

	Net Plant Capacity (MW)
	20

	Net Plant Heat Rate (Btu/kWh)
	Increase 0.2 to 0.5 percent

	Capacity Factor (percent)
	Unchanged

	Economics (Incremental Costs in $2006)
	

	Total Project Cost(1) ($/kW)
	205 to 410

	Total Project Cost(2) ($/kW)
	8.20 to 16.40

	Fixed O&M(1) ($/kW-yr)
	5.13 to 10.25

	Fixed O&M(2) ($/kW-yr)
	0.21 to 0.41

	Variable O&M ($/MWh)
	Unchanged

	Levelized Cost(3) ($/MWh)
	-0.20 to 0.22 (incremental cost)

	Technology Status
	

	Commercial Status
	Commercial

	Installed US Capacity (MW)(4)
	>1,000 MW

	(1)Based on biomass capacity.

(2)Based on total plant capacity (750 MW).

(3)The low end of the levelized cost is based on a net biomass capacity of 20 MW, heat rate increase of 0.2 percent, capital cost of $205/kW, and fixed O&M of $5.12/kW-yr.  The high end of the levelized cost is based on a net plant capacity of 30 MW, heat rate increase of 0.5 percent, capital cost of $410/kW, and fixed O&M cost of $10.25/kW-year. 
(4)Estimate for the biomass portion of plants that co-fire coal and biomass.  Actual capacity is unknown.


Environmental Impacts


As with direct-fired biomass plants, the biomass fuel supply must be collected in a sustainable manner.  Assuming this is the case, co-firing biomass in a coal plant generally has overall positive environmental effects.  The clean biomass fuel typically reduces emissions of SO2, CO2, NOx, and heavy metals, such as Hg.  

A.6.1.2  Biogas


Biogas technology refers to the process of generating electricity with gas captured from the anaerobic digestion of manure or naturally occurring landfill gas.  The following subsections describe the formation of these fuels and their ability to produce renewable energy.

A.6.1.2.1  Anaerobic Digestion.  

Operating Principles


Anaerobic digestion is a naturally occurring process that occurs when bacteria decompose organic materials in the absence of oxygen.  The byproduct of this decomposition is comprised of 50 to 80 percent methane.  The most common applications of anaerobic digestion include industrial wastewater, animal manure, or human sewage as feedstock.  According to the World Biomass Report 2004-2013, the projected total installed capacity of anaerobic digestion will grow from 185 MW in 2004 to 575 MW in 2013.  It is estimated that 203 MW of this growth will be installed in Western Europe, 68 MW in North America, and 46 MW in Australia.

Applications


Anaerobic digestion is commonly used in municipal wastewater treatment as a first-stage treatment process for sewage sludge.  Increasingly stringent agricultural manure and sewage treatment management regulations are the primary drivers for the heightened interest in anaerobic digestion technologies.  Use of anaerobic digestion technologies in wastewater treatment applications results in less biosolids residue compared to aerobic (digestion in the presence of oxygen) technologies. Power production from digestion facilities is typically a secondary consideration.


The Los Angeles Department of Water and Power has announced a new agreement to purchase power from a proposed 40 MW anaerobic digestion facility that will process 3,000 tons per day (tpd) of municipal green waste, such as landscape trimmings and food waste, to produce biogas for power production.  The proposed facility, which is scheduled to be on line by 2009, would be the largest of its kind.  There are various other high solids digestion systems installed worldwide, primarily in Europe and Japan.


Biogas produced by anaerobic digestion can be used for power generation, direct heat applications, and absorption chilling.  Reciprocating engines are the most common power conversion device, although demonstrations with microturbines and fuel cells have also been successful.  

Resource Availability


For on-farm manure digestion, the resource is readily accessible and only minor modifications to existing manure management techniques are required to produce biogas suitable for power generation.  In some cases, economies of scale may be realized by transporting manure from multiple farms to a central digestion facility.  For central plant digestion of manure from several sources, the availability and close proximity of a large number of livestock operations is necessary to provide a sufficient manure feed rate to the facility.  However, the larger size of regional facilities does not necessarily guarantee better economics, because of higher manure transportation costs.  For anaerobic digestion of municipal sewage wastes, the resource is readily available at the wastewater treatment plant.

Cost and Performance Characteristics


Table A.6-4 presents typical characteristics of farm-scale dairy manure anaerobic digestion systems using reciprocating engine technology.

	Table A.6-4
Farm-Scale Anaerobic Digestion Technology Characteristics



	Performance
	

	Typical Duty Cycle
	Baseload 

	Net Plant Capacity (MW)
	0.085

	Capacity Factor (percent) 
	70 to 90

	Economics ($2006)
	

	Total Project Cost ($/kW)
	2,358 to 3,895

	Variable O&M ($/MWh) 
	15.38

	Levelized Cost(1) ($/MWh)
	46 to 76

	Possible Savings for IPPs ($/MWh)
	0 to 10

	Technology Status
	

	Commercial Status
	Commercial

	Installed Worldwide Capacity (MW)
	6,300

	(1)The low end of the levelized cost is based on a capacity factor of 90 percent and capital cost of $2,358/kW.  The high end of the levelized cost is based on a capacity factor of 70 percent and capital cost of $3,895/kW.


Environmental Impacts


Anaerobic digesters provide the following positive environmental impacts:

· Reduce pathogens in the waste stream.

· Eliminate odor problems.

· Reduce methane emissions relative to atmospheric decomposition of manure, which are a significant contributor to greenhouse gas emissions.

· Help prevent nutrient overloading in the soil resulting from manure spreading.   
A.6.1.2.2  Landfill Gas.  

Operating Principles


LFG is produced by the decomposition of the organic portion of landfill waste.  LFG typically has a methane content in the range of 45 to 55 percent and is considered an environmental risk.  There is increased political and public pressure to reduce air and ground water pollution and to hedge the risk of explosion associated with LFG.  From a generating perspective, LFG is a valuable resource that can be burned as fuel by reciprocating engines, small gas turbines, or other devices.  LFG energy recovery is currently regarded as one of the more mature and successful WTE technologies.  Currently, there are more than 600 LFG energy recovery systems installed in 20 countries.

Applications


LFG can be used to generate electricity and process heat or can be upgraded for pipeline sales.  Power production from an LFG facility is typically less than 10 MW.  There are several types of commercial power generation technologies that can be easily modified to burn LFG.  Internal combustion engines are by far the most common generating technology choice.  Approximately 75 percent of the landfills that generate electricity use internal combustion engines.
  Depending on the scale of the gas collection facility, it may be feasible to generate power via a combustion turbine or a boiler and steam turbine.  Testing with microturbines and fuel cells is also under way, although these technologies do not appear to be economically viable for power generation.  

Resource Availability


Gas production at a landfill is dependent on the depth and age of waste in place and the amount of precipitation received by the landfill.  In general, LFG recovery may be economically feasible at sites that have more than 1 million tons of waste in place, more than 30 acres available for gas recovery, a waste depth greater than 40 feet, and at least 25 inches of annual precipitation.  

Cost and Performance Characteristics


The economics of installing an LFG energy facility depend heavily on the characteristics of the candidate landfill.  The payback period of an LFG energy facility at a landfill that has an existing gas collection system can be as short as 2 to 5 years, especially if environmental credits are available.  However, the cost of installing a new gas collection system at a landfill can prohibit installing an LFG facility.  Table A.6-5 presents cost and performance estimates for typical LFG projects using reciprocating engines.

	Table A.6-5
Landfill Gas Technology Characteristics



	Performance
	

	Typical Duty Cycle
	Baseload 

	Net Plant Capacity (MW)
	0.2 to 15

	Capacity Factor (percent) 
	70 to 90

	Economics ($2006)
	

	Total Project Cost ($/kW)
	1,333 to 2,768

	Variable O&M ($/MWh) 
	15.38

	Levelized Cost(1) ($/MWh)
	34 to 59

	Possible Savings for IPPs ($/MWh)
	0 to 10

	Technology Status
	

	Commercial Status
	Commercial

	Installed US Capacity (MW)
	1,100

	(1)The low end of the levelized cost is based on a net plant capacity of 15 MW, a 90 percent capacity factor, and a capital cost of $1,333/kW.  The high end is based on a net plant capacity of 0.2 MW, a 70 percent capacity factor, and a $2,768/kW capital cost.


Environmental Impacts


LFG combustion releases pollutants similar to many other fuels, but is generally perceived as environmentally beneficial.  Since LFG is principally composed of methane, if not combusted, LFG is released into the atmosphere as a greenhouse gas.  As a greenhouse gas, methane is 23 times more harmful than CO2.  Collecting the gas and converting the methane to CO2 through combustion greatly reduces the potency of LFG as a source of greenhouse gas emissions.

A.6.1.3  Waste-to-Energy


WTE technologies can use a variety of refuse types and technologies to produce electrical power.  The economic feasibility of a WTE facility, though, is difficult to assess.  Costs are highly dependent on transportation, processing, and tipping fees associated with a particular location.  Values discussed in the following subsections should be considered representative of the technology at a generic site.
A.6.1.3.1  Municipal Solid Waste Mass Burn.  There are currently 65 WTE plants in the United States using mass burn technology to generate electricity.  These plants burn municipal solid waste (MSW) in an “as-discarded” form, with minimal or no preprocessing of the waste.  Because of concerns about environmental pollutants (particularly dioxin), opposition to new MSW projects has increased significantly.  In addition, costs for MSW facilities have often exceeded initial estimates.  Since 1996, only one new MSW facility has come on line in the United States, and it was later shut down because of lack of waste resources.  
Operating Principles


Converting refuse or MSW to energy can be accomplished by a variety of technologies.  The degree of refuse processing determines the method used to convert MSW to energy.  Refuse that has had limited processing to remove noncombustible and oversize items is typically combusted in a waterwall furnace similar to coal and biomass furnaces.  The MSW is fed to a reciprocating grate in the boiler.  The combustion generates steam in the walls of the furnace, which is converted to electrical energy via a steam turbine generator system.  Other furnaces used in mass burning applications include refractory furnaces, rotary kiln furnaces, and controlled air furnaces for smaller modular units.
Applications


The avoided cost of waste disposal is a primary component in determining the economic viability of a WTE facility.  High costs for land and waste transportation increase the feasibility of an MSW facility.  The 65 operating mass burn plants have an annual capacity to process 22.1 million tons of waste.  Large MSW facilities typically process 500 to 3,000 tons of MSW per day (the average amount produced by 200,000 to 1,200,000 residents), although there are a number of facilities operating in the 200 to 500 tpd size range.  According to the Integrated Waste Services Association, the average design capacity of mass burn plants operating in the United States is approximately 1,000 tons of waste per day. 
Resource Availability


MSW plants are high capital cost projects that require an inexpensive and abundant fuel source to operate profitably.  For this reason, plants are typically sited near large population centers or in areas of high priced land.  The EPA estimates that the average American generates about 4 to 5 pounds of garbage per day, most of which would otherwise be sent to a landfill.  
Cost and Performance Characteristics


Table A.6-6 provides the typical ranges of performance and cost for a facility burning 500 tons of MSW per day.
	Table A.6-6
MSW Mass Burning Technology Characteristics



	Performance
	

	Typical Duty Cycle
	Baseload 

	Net Plant Capacity (MW)
	15

	Net Plant Heat Rate (HHV Btu/kWh)
	16,500

	MSW Consumption (tpd)
	500

	Capacity Factor (percent)
	75 to 85

	Economics ($2006)
	

	Total Project Cost ($/kW)
	5,125 to 7,175

	Fixed O&M ($/kW-yr)
	256 to 359

	Variable O&M ($/MWh)
	67 to 87

	Levelized Cost(1) ($/MWh)
	120 to 206

	Possible Savings for IPPs ($/MWh)
	0 to 10

	Technology Status
	

	Commercial Status
	Commercial

	Installed US Capacity (MW)
	1,856

	(1)The low end of the levelized cost is based on a capacity factor of 85 percent, capital cost of $5,125/kW, fixed O&M of $256/kW-year, and variable O&M of $66.6/MWh.  The high end of the levelized cost is based on a capacity factor of 75 percent, capital cost of $7,175/kW, fixed O&M of $359/kW-year, and variable O&M of $87.1/MWh.  Includes a tipping fee of $50 per ton with an assumed 4,720 Btu/lb heating value.


Environmental Impacts


One of the most significant environmental benefits of burning MSW is that it reduces landfill deposits.  The combustion byproducts produced when MSW is burned are similar to those of most organic combustion materials.  PM must be abated, and NOx can form if the combustion temperature is too high.  Unlike coal, the sulfur emissions from MSW are low.  One MSW emission that is atypical of fossil fuels is dioxin, which the EPA has ruled to be carcinogenic.  This issue has been intensely debated in the scientific community, but MSW projects face opposition as a result of the ruling.  

A.6.1.3.2  Refuse Derived Fuel.  

Operating Principles


RDF is an evolution of MSW technology.  Rather than burning trash in its bulky native form, trash is processed and converted to fluff or pellets for ease of handling and improved combustibility.  

Applications

RDF is preferred over MSW in many WTE applications because it can be combusted with the same technology used to combust coal.  Spreader stoker fired boilers, suspension fired boilers, fluidized bed boilers, and cyclone furnace units have all been used to generate steam from RDF.  Fluidized bed combustors are often preferred for RDF energy applications because of their high combustion efficiency, capability to burn RDF with minimal processing, and inherent ability to effectively reduce NOx and SO2 emissions.


There are 15 operating RDF plants in the United States, with an annual capacity to process 7.7 million tons of waste.  Typical RDF facilities process 500 to 2,000 tons of RDF per day (the average amount produced by 200,000 to 800,000 residents).  According to the Integrated Waste Services Association, the average design capacity of RDF plants operating in the United States is approximately 1,300 tons of waste per day.
Cost and Performance Characteristics


Table A.6-7 provides the typical ranges for performance and cost of an RDF facility burning 500 tons of waste per day.
	Table A.6-7
RDF Technology Characteristics



	Performance
	

	Typical Duty Cycle
	Baseload 

	Net Plant Capacity (MW)
	15

	Net Plant Heat Rate (HHV Btu/kWh)
	16,500

	RDF Consumption (tpd)
	500

	Capacity Factor (percent)
	75-85

	Economics ($2006)
	

	Total Project Cost ($/kW)
	7,175 to 9,225

	Fixed O&M ($/kW-yr)
	461 to 564

	Variable O&M ($/MWh)
	72 to 92

	Levelized Cost(1) ($/MWh)
	194 to 288

	Possible Savings for IPPs ($/MWh)
	0 to 10

	Technology Status
	

	Commercial Status
	Commercial

	Installed US Capacity (MW)
	636

	(1)The low end of the levelized cost is based on a capacity factor of 85 percent, capital cost of $7,175/kW, fixed O&M of $461/kW-year, and variable O&M of $72/MWh.  The high end of the levelized cost is based on a capacity factor of 75 percent, capital cost of $9,225/kW, fixed O&M of $563/kW-year, and variable O&M of $92/MWh.  Includes a tipping fee of $50 per ton with an assumed 5,500 Btu/lb heating value.


Environmental Impacts


RDF has many of the same environmental obstacles as MSW and provides the same environmental benefits.  However, RDF plants using fluidized bed technology can potentially achieve lower emissions than mass burn plants.   

A.6.1.4  Wind

Operating Principles


Wind power systems convert the movement of air to power by means of a rotating turbine and a generator.  Wind power has been the fastest growing energy source of the last decade, in percentage terms, with around 30 percent annual growth in worldwide capacity over the last 5 years.  Cumulative worldwide wind capacity is now estimated to be more than 50,000 MW.  Total installed wind capacity in the United States was 9,149 MW at the beginning of 2006.  The US wind market has been driven by a combination of growing state mandates and the production tax credit (PTC), which provides an economic incentive for wind power.  The PTC has been renewed several times and is currently set to expire on December 31, 2007. 

Applications


Typical utility-scale wind energy systems consist of multiple wind turbines that range in size from 1 to 2 MW.  Wind energy system installations may total 5 to 300 MW, although the use of single, smaller turbines is also common in the United States for powering schools, factories, water treatment plants, and other distributed loads.  Furthermore, offshore wind energy projects are now being built in Europe and are planned in the United States, encouraging the development of larger turbines (up to 5 MW) and larger wind farm sizes.


Wind is an intermittent resource, with average capacity factors ranging from 25 to 40 percent.  The capacity factor of an installation depends on the wind regime in the area and the energy capture characteristics of the wind turbine.  Capacity factor directly affects economic performance; thus, reasonably strong wind sites are required for cost-effective installations.  Since wind is intermittent, it cannot be relied upon as firm capacity for peak power demands.  To provide a dependable resource, wind energy systems may be coupled with some type of energy storage to provide power when required, but this is not common and adds considerable expense to a system.  

Resource Availability


Turbine power output is proportional to the cube of wind speed, which makes small differences in wind speed very significant.  Wind strength is rated on a scale from Class 1 to Class 7, as shown in Table A.6-8.  The State of Florida’s wind resources are generally categorized as Class 1 or 2 and, therefore, may not be viable for baseload power production.

Cost and Performance Characteristics


Table A.6-9 provides typical characteristics for a 50 to 100 MW wind farm.  Substantially higher costs are necessary for wind projects that require grid upgrades or long transmission tie lines.  Capital costs for new onshore wind projects had remained relatively stable for several years, but current demand has driven up the cost by as much as 40 percent.  Additionally, because of increased demand and impending PTC expiration, the current earliest delivery date for new turbines is 2008.  Significant gains have been made in recent years in identifying and developing sites with better wind resources and improving turbine reliability.  As a result, the average capacity factor for newly installed wind projects in the United States has increased from about 24 percent before 1999 to more than 32 percent in 2005.
	Table A.6-8

US Department of Energy Classes of Wind Power


	Wind Power Class
	Height Above Ground:  50 m (164 ft)(1)

	
	Wind Power 
Density (W/m2)
	Speed(2) (m/s)

	1
	0 to 200
	0 to 5.60

	2
	200 to 300
	5.60 to 6.40

	3
	300 to 400
	6.40 to 7.00

	4
	400 to 500
	7.00 to 7.50

	5
	500 to 600
	7.50 to 8.00

	6
	600 to 800
	8.00 to 8.80

	7
	800 to 2,000
	≥ 8.80

	(1)Vertical extrapolation of wind speed based on the 1/7 power law, as defined in Appendix A of the Wind Energy Resource Atlas of the US, 1991.  

(2)Mean wind speed is based on Rayleigh speed distribution of equivalent mean wind power density.  Wind speed is for standard sea level conditions.  To maintain the same power density, wind speed must increase 3 percent per 1,000 m (5 percent per 5,000 ft) elevation.


Environmental Impacts


Wind is a clean generation technology from an emissions perspective.  However, there are still environmental considerations associated with wind turbines.  Opponents of wind energy frequently cite visual impacts and noise as drawbacks.  Turbines are approaching and exceeding heights of 400 feet and, for maximum wind capture, tend to be located on ridgelines and other elevated topography.  Turbines can cause avian fatalities and other wildlife impacts if sited in sensitive areas.  To some degree, these issues can be partially mitigated through proper siting, environmental review, and public involvement during the planning process.  

A.6.1.5  Solar


Solar radiation can be captured in numerous ways with a variety of technologies.  The two major groups of technologies are solar thermal and solar photovoltaic (PV).
	Table A.6-9
Wind Technology Characteristics



	
	Wind Farm

	Performance
	

	Typical Duty Cycle
	As Available

	Net Plant Capacity (MW)
	50 to 100

	Capacity Factor (percent)
	10 to 15(1)

	Economics ($2006)
	

	Total Project Cost ($/kW)
	1,333 to 1,640

	Fixed O&M ($/kW-yr)
	31

	Levelized Cost(2) ($/MWh)
	120 to 211

	Possible Savings for IPPs ($/MWh)
	5 to 20

	Technology Status
	

	Commercial Status
	Commercial

	Installed US Capacity (MW)
	9,149

	(1)Representative of low wind speed site in southeastern United States.

(2)The low end of the levelized cost is based on a net plant capacity of 100 MW, capacity factor of 15 percent, and capital cost of $1,333/kW.  The high end of the levelized cost is based on a net plant capacity of 50 MW, capacity factor of 10 percent, and capital cost of $1,640/kW.


A.6.1.5.1  Solar Thermal.  

Operating Principles


Solar thermal technologies convert the sun’s energy to electricity by capturing heat.  Technological advances have expanded solar thermal applications to high magnitude energy collection and power conversion on a utility scale.  The leading solar thermal technologies include parabolic trough, parabolic dish, power tower (central receiver), and solar chimney.  

With adequate resources, solar thermal technologies are appropriate for a wide range of intermediate- and peak-load applications, including central station power plants and modular power stations in both remote and grid-connected areas.  Commercial solar thermal parabolic trough plants in California currently generate more than 350 MW.  


Most solar thermal systems (parabolic trough, parabolic dish, and central receiver) transfer the heat in solar insolation to a heat transfer fluid, typically a molten salt or heat transfer oil.  By using thermal storage or by combining the solar generation system with a fossil fired system (a hybrid solar/fossil system), a solar thermal plant can provide dispatchable electric power.  


Unlike the three other solar thermal technologies, solar chimneys do not generate power using a thermal heat cycle.  Instead, they generate and collect hot air in a large (several square miles) greenhouse.  A tall chimney is located in the center of the greenhouse.  As the air in the greenhouse is heated by the sun, it rises and enters the chimney.  The natural draft produces a wind current that rotates a collection of air turbines.  

Applications


The larger solar thermal technologies (parabolic trough, central receiver, and solar chimney) are currently not economically competitive with other central station generation options (such as natural gas fired combined cycle units).  Parabolic dish engine systems are small and modular and can be placed at load sites, directly offsetting retail electricity purchases.  However, these systems have not been used in commercial applications. 


Of the four technologies, parabolic trough represents the vast majority of installed capacity, primarily in the southwest US desert.  There are nine Solar Electric Generating Station (SEGS) parabolic trough plants in the Mojave Desert that have a combined capacity of 354 MW.  Other parabolic trough plants are being developed, including a 64 MW plant in Nevada and several 50 MW plants in Spain.  

Parabolic dish engine systems of approximately 25 kW have been developed and are now being actively marketed.  Recently, installation was completed on a six-dish test deployment at Sandia National Laboratories (SNL) in Albuquerque, New Mexico.  On August 2, 2005, Southern California Edison publicly announced the completion of negotiations on a 20 year power purchase agreement (PPA) with Stirling Energy Systems (SES) for between 500 to 850 MW capacity of dish/Stirling units.  On September 7, 2005, SES announced a contract with San Diego Gas & Electric to provide between 300 and 900 MW of solar power using the dish technology.  Pricing for these PPAs remains confidential.  If large deployments of dish/Stirling systems materialize, they are expected to drastically reduce capital and O&M costs and increase system reliability.

The US government has funded two utility-scale central receiver power plants:  Solar One and its retrofit, Solar Two.  Solar Two was a 10 MW installation near Barstow, California, but it is no longer operating, because of reduced federal support and high operating costs.

The first commercial chimney project has been proposed in Australia.  Originally, this project was planned to be 200 MW with a chimney 1 km (0.62 mile) tall and a greenhouse 5 km (3.1 miles) in diameter.  The estimated cost of that system was $700 million.  More recently, the project has been scaled down to 50 MW.  Cost and dimension data for the scaled down system are not available. 

Resource Availability
Solar radiation reaching the earth’s surface, often called insolation, has two components:  direct normal insolation (DNI) and diffuse insolation (DI).  DNI, which typically comprises about 80 percent of the total insolation, is that part of the radiation which comes directly from the sun.  DI is the part that has been scattered by the atmosphere or is reflected off the ground or other surfaces.  On a cloudy day, all of the radiation is diffuse.  The vector sum of DNI and DI is termed global insolation.  Systems that concentrate solar energy use only DNI, while nonconcentrating systems use global insolation.  Concentrating solar thermal systems (troughs, dishes, and central receivers) use DNI.  Lower latitudes with minimum cloud coverage offer the greatest solar concentrator potential.  Florida DNI ranges from 4.5 to 5.5 kW/m2/day.  Some locations in the southwest United States can have a DNI as high as 8.5 kW/m2/day.
A general feature of solar thermal systems and solar technologies is that peak output typically occurs on summer days when electrical demand is high.  Solar thermal systems that include storage allow dispatch that can improve the ability to meet peaking requirements.  Land requirements for solar thermal systems are about 5 to 8 acres/MW.
Cost and Performance Characteristics


Representative characteristics for the four solar thermal power plant technologies previously described are presented in Table A.6-10.  

A.6.1.5.2  Solar Photovoltaic.  PVs have achieved considerable consumer acceptance over the last few years.  PV module production tripled between 1999 and 2002.  PV installations reached a worldwide output of more than 927 MW in 2004.  Worldwide grid-connected residential and commercial installations grew from 120 MW per year in 2000 to 770 MW per year in 2004.
  The majority of these installations were in Japan and Germany, where strong subsidy programs have made the economics of PV attractive.  Large-scale (>100 kW) PV installations have been added at a rate of about 5 MW per year in recent years. 

	Table A.6-10
Solar Thermal Technology Characteristics(1)


	
	Parabolic Trough
	Parabolic
Dish
	Central Receiver
	Solar Chimney

	Performance
	
	
	
	

	Typical Duty Cycle
	Peaking - Intermediate 
	As Available - Peaking
	Peaking - Intermediate
	Intermediate - Baseload

	Net Plant Capacity (MW)
	100
	1.2
	50
	200

	Integrated Storage
	6 hours
	None
	6 hours
	Yes

	Capacity Factor (percent)
	35 to 40
	20 to 25
	35 to 40
	60 to 80

	Economics ($2006)
	
	
	
	

	Total Project Cost ($/kW)
	3,588 to 4,612
	3,075 to 4,100
	4,100 to 5,125
	3,588 to 4,612

	Variable O&M ($/MWh)
	20.5 to 25.6
	10.3 to 20.5
	25.6 to 30.8
	10.3 to 20.5

	Levelized Cost(2) ($/MWh)
	117 to 166
	139 to 235
	136 to 188
	59 to 104

	Possible Savings to IPPs ($/MWh)
	20 to 40
	20 to 40
	20 to 40
	20 to 40

	Technology Status
	
	
	
	

	Commercial Status
	Commercial
	Demonstration
	R&D
	R&D

	Installed US Capacity (MW)
	~350
	< 1
	10(3)
	< 1

	R&D = Research and Development.

(1) Parabolic trough cost estimates have the highest degree of uncertainty for near-term applications.  Other technologies assume significant deployment.

(2)The low ends of the levelized costs are based on the higher capacity factors and the lower capital and O&M costs.  The high ends of the levelized costs are based on the lower capacity factors and higher capital and O&M costs.
(3)No longer operating.


Operating Principles


The amount of power produced by PV installations depends on the material used and the intensity of the solar radiation incident on the cell.  Single or polycrystal silicon cells are most widely used today.  Single crystal cells are manufactured by growing single crystal ingots, which are then sliced into thin cell-sized material.  The cost of the crystalline material is significant.  The production of polycrystalline cells can cut material costs, with some reduction in cell efficiency.  Thin film cells significantly reduce cost per unit area, but result in lower efficiency cells.  Gallium arsenide cells are among the most efficient solar cells and have other technical advantages, but they are also more costly and typically are used only where high efficiency is required even at a high cost, such as space applications or in concentrating PV applications.

Applications


The modularity, simple operation, and low maintenance requirements of solar PV makes it ideal for distributed, remote, or off-grid applications.  Most PV applications are smaller than 1 kW, although larger, utility-scale installations are becoming more prevalent.  There are more than 50 PV systems worldwide with capacities greater than 1 MW, including three systems in Germany between 5 and 6.3 MW.  The largest system in the United States is Tucson Electric’s Springerville PV plant, with nearly 4.6 MW of capacity.    

Resource Availability


Most PV systems installed today are flat plate systems that use global insolation.  Concentrating PV systems, which use DNI, are being developed, but are not considered commercial at this time.  Global insolation on latitude tilt surfaces in Florida range from 5 to 6 kW/m2/day, compared with up to 7 kW/m2/day in the southwest United States.
Cost and Performance Characteristics


Table A.6-11 presents cost and performance characteristics of a 4 kW residential and a 50 kW commercial fixed-tilt, single crystalline PV system.  
Environmental Impacts


A key attribute of solar PV cells is that they have virtually no emissions after installation.  Some thin film technologies have the potential for discharge of heavy metals during manufacturing; however, proper monitoring and control can adequately address this issue.  

A.6.1.6  Geothermal

Operating Principles


Geothermal resources can provide energy for power production and other applications by using heat from the earth to generate steam and drive turbine generators.  The global installed capacity for geothermal power plants is approximately 8,900 MW (electrical).  Additionally, about 16,000 MW (thermal) is used in direct heat applications.  It is estimated that geothermal resources using today’s technology could support between 35,500 MW and 72,000 MW of electrical generating capacity worldwide.  Using enhanced technology that is currently under development, global geothermal resources have the potential to support up to 138,000 MW. 


It is estimated that US geothermal resources could support between 6,300 and 11,700 MW of electric power with current technology and 15,000 to 25,000 MW with advanced technology.

	Table A.6-11
Solar PV Technology Characteristics



	
	Residential
	Commercial

	Performance
	
	

	Typical Duty Cycle
	As Available, Peaking
	As Available, Peaking

	Net Plant Capacity (kW)
	4
	50

	Capacity Factor (percent)
	18
	20

	Economics ($2006)
	
	

	Total Project Cost ($/kW)
	8,713 to 12,813
	7,688 to 9,738

	Fixed O&M ($/kW-yr)
	46.1
	20.5

	Variable O&M(1) ($/MWh)
	53.3
	23.6

	Levelized Cost(2) ($/MWh)
	597 to 830
	437 to 542

	Possible Savings for IPPs ($/MWh)
	20 to 40
	20 to 40

	Technology Status
	
	

	Commercial Status
	Commercial

	Installed US Capacity (MW)
	365

	(1)Includes inverter replacement after 10 years.

(2)The lower levelized costs are based on the low ends of the total project costs, and the high levelized costs are based on the high ends of the total project costs.


Applications


In addition to generation of electricity and direct space heating applications, hot water and saturated steam from a geothermal resource can be used for a wide variety of process heat applications. 

Resource Availability


Geothermal power is limited to locations where geothermal pressure reserves are discovered.  Well temperature profiles determine the potential for geothermal development and the type of geothermal power plant installation.  High energy sites are suitable for electricity production, while low energy sites are suitable for direct heating.  Most of the geothermal resources in the United States are concentrated in the west and southwest parts of the country.  There are minimal geothermal resources available east of the Mississippi River, and no resources suitable for power generation or direct heat applications in Florida.

Cost and Performance Characteristics


For representative purposes, a binary cycle power plant is characterized in Table A.6-12.  In a binary cycle plant, a working fluid is boiled by heat transferred from a geothermal source across a heat exchanger, and then expanded through a turbine.  Capital costs of geothermal facilities can vary widely, since the drilling of individual wells can cost as much as $4 million, and the number of wells drilled depends on the success of finding the resource.
	Table A.6-12
Geothermal Technology Characteristics



	Performance
	

	Typical Duty Cycle
	Baseload

	Net Plant Capacity (MW)
	30

	Capacity Factor (percent)
	70 to 90

	Economics ($2006)
	

	Total Project Cost ($/kW)
	2,563 to 4,100

	Fixed O&M ($/kW-yr)
	205 to 308

	Levelized Cost(1) ($/MWh) 
	61 to 122

	Possible Savings for IPPs ($/MWh)
	0 to 15

	Technology Status
	

	Commercial Status
	Commercial

	Installed US Capacity(2) (MW)
	2,534

	(1)The low end of the levelized cost is based on a capacity factor of 90 percent, capital cost of $2,563/kW, and fixed O&M cost of $205/kW-year.  The high end of the levelized cost is based on a capacity factor of 70 percent, capital cost of $4,100/kW, and fixed O&M cost of $308/kW-year.

(2)With the currently available technology, there are no viable geothermal power plant sites east of the Mississippi River.


Environmental Impacts


Dissolved minerals and hazardous noncondensable gases in geothermal fluids can be an environmental concern if not addressed properly (fluid reinjection addresses many concerns).  Geothermal power plants with modern emissions control technologies have minimal environmental impact; they emit less than 0.2 percent of the CO2, less than 1 percent of the SO2, and less than 0.1 percent of the particulates of a clean fossil fuel plant.   There is the potential for geothermal production to cause ground subsidence.  This is rare in dry steam resources, but possible in liquid-dominated fields.  However, carefully applied reinjection techniques can effectively mitigate this risk.
A.6.1.7  Hydroelectric
Operating Principles


Hydroelectric power is generated by capturing the kinetic energy of water as it moves from a higher elevation to a lower elevation by passing it through a turbine.  The amount of kinetic energy captured by a turbine is dependent on the head (distance the water is falling) and the flow rate of the water.  Often, the water is raised to a higher potential energy by blocking its natural flow with a dam.  If a dam is not feasible, it is possible to divert water out of the natural waterway, through a penstock, and back to the waterway.  Such “run-of-river” applications allow for hydroelectric generation without the impact of damming the waterway.  The existing worldwide installed capacity for hydroelectric power is by far the largest source of renewable energy at 740,000 MW.

Applications


Hydroelectric projects are divided into a number of categories on the basis of their size.  Micro-hydroelectric projects generate below 100 kW.  Systems generating between 100 kW and 1.5 MW are classified as mini-hydroelectric projects.  Small hydroelectric systems generate between 1.5 and 30 MW.  Medium hydroelectric projects generate up to 100 MW, and large hydroelectric projects generate more than 100 MW.  Medium and large hydroelectric projects are good resources for baseload power generation if they have the ability to store a large amount of potential energy behind a dam and release it consistently throughout the year.  Small hydroelectric projects generally do not have large storage reservoirs and are not dependable as dispatchable resources.  

Resource Availability


A hydroelectric resource can be defined as any flow of water that can be used to capture the kinetic energy.  Projects that store large amounts of water behind a dam can regulate the release of water through turbines and generate electricity regardless of the season.  These facilities can generally serve baseload needs.  Run-of-river projects do not impound the water but, instead, divert a part or all of the current through a turbine to generate electricity.  At “run-of-river” projects, power generation varies with seasonal flows and can sometimes help serve summer peak loads. 


All hydroelectric projects are susceptible to drought.  In fact, the variability in hydropower output is rather large, even when compared to other renewable resources.  The aggregate annual capacity factor for all hydroelectric plants in the United States has ranged from about 31 to 53 percent over the last decade.

Florida does not have the natural resources required to develop any additional hydroelectric facilities.

Cost and Performance Characteristics


Hydroelectric generation is regarded as a mature technology that is unlikely to advance.  Turbine efficiency and costs have remained somewhat stable, but construction techniques and costs continue to change.  Capital costs are highly dependent on site characteristics and vary widely.  Table A.6-13 provides ranges for performance and cost estimates for hydroelectric projects for two categories:  new projects at undeveloped sites and additions or upgrades to hydroelectric projects at existing sites.  These values are for representative comparison purposes only.  Capacity factors are highly resource dependent and can range from 10 to more than 90 percent.  Capital costs also vary widely with site conditions.  

Environmental Impacts


The damming of rivers for small- and large-scale hydroelectric applications may have significant environmental impacts.  One major issue involves the migration of fish and the disruption of spawning habitats.  For dam projects, one of the common solutions to this problem is the construction of “fish ladders” to aid the fish in bypassing the dam when they swim upstream to spawn.


A second issue involves flooding existing valleys that often contain wilderness areas, residential areas, or archeologically significant remains.  There are also concerns about the consequences of disrupting the natural flow of water downstream and disrupting the natural course of nature.

A.6.1.8  Ocean Energy


Ocean energy resources can be captured in numerous ways with a variety of technologies.  The current areas of research and development are wave energy, ocean thermal energy conversion (OTEC), and tidal energy.

	Table A.6-13
Hydroelectric Technology Characteristics



	
	New
	Incremental

	Performance
	
	

	Typical Duty Cycle
	Varies with Resource
	Varies with Resource

	Net Plant Capacity (MW)
	<50
	1 to 160

	Capacity Factor (percent) 
	40 to 60
	40 to 60

	Economics ($2006)
	
	

	Total Project Cost ($/kW)
	2,563 to 3,998
	615 to 2,973

	Fixed O&M ($/kW-yr)
	5.1 to 25.6
	5.1 to 25.6

	Variable O&M ($/MWh) 
	5.1 to 6.2
	3.6 to 6.2

	Levelized Cost(1) ($/MWh)
	51 to 119
	16 to 93

	Possible Savings for IPPs ($/MWh)
	0
	0 to 5

	Technology Status
	
	

	Commercial Status
	Commercial
	Commercial

	Installed US Capacity (MW)
	79,842
	NA

	(1)The low end of the levelized cost is based on the higher capacity factors and the lower capital and O&M costs.  The high end of the levelized cost is based on the lower capacity factors and the higher capital and O&M costs.  Levelized costs for new hydroelectric assume 40MW plant, and levelized costs for incremental hydroelectric assume 80 MW of incremental capacity.


A.6.1.8.1  Wave.  

Operating Principles


The kinetic energy of ocean waves can be converted to electric power using a wave energy conversion system (WECS).  Many hundreds of WECS technologies have been suggested, but only a very small proportion of these have been evaluated beyond the concept stage.  Of these, only a small number have been developed beyond laboratory testing to deployment as prototypes in real sea conditions.  WECSs are generally categorized as shore-based (onshore and near-shore) or offshore systems.  

Onshore and Near-Shore Applications

There are two basic shore-based wave energy designs:  oscillating water column (OWC) devices and overtopping-tapered channel (TAPCHAN) devices.  


OWC devices generate electricity from the wave-induced rise and fall of a water column.  The energy in this water column is extracted via a moving air column using an air turbine.  The main disadvantages with onshore systems, such as OWC, is that their construction is dependent on local conditions and the available wave power is low at the shoreline.  Onshore devices also require a small tidal range and a suitable shoreline with a reservoir location.  The onshore systems have an advantage over the near-shore and offshore systems because of their accessibility for maintenance and transmission.  The most developed example of this design is Wavegen’s 500 kW LIMPET device, which has been operating since 2001.


TAPCHAN devices generate electricity using conventional low head hydropower turbines.  A tapering channel concentrates and funnels waves up a channel and increases their height so that they then spill into a reservoir.  Since these devices are driven by water flowing from a reservoir back to the sea, this device produces a more stable power output.  

Near-shore systems that can be built around existing breakwater structures include the Energetech device, which uses a parabolic wall to focus wave energy onto the collector and a Dennis-Auld turbine.  In general, near-shore devices have the advantage that they can access higher wave power without the need for extensive electricity transmission.  However, like onshore devices, their shoreline location may affect their adoption because of their aesthetically displeasing appearance.  

Offshore Applications

There is much greater diversity of offshore WECSs than near-shore systems.  The most common offshore WECSs are pneumatic devices, overtopping devices, float-based devices, and moving body devices.  In general, offshore devices can access the greatest amount of wave power, but require extensive power transmission and maintenance since they are located in a more extreme environment.


Pneumatic devices generate electricity using air movement, often using an OWC concept similar to that of shore-based devices.  Overtopping devices generate electricity using the same basic methodology as the shore-based versions.  Float-based devices generate electricity using the vertical motion of a float rising and falling with each wave.  The float motion is reacted against an anchor or other structure so that power can be extracted.  Moving body devices use a solid body moving in response to wave action to generate electricity.  

Float-based devices are the most common of all proposed designs.  Well developed European designs that are still under consideration include a 1 MW demonstration plant consisting of four 250 kW buoys planned for 2006 at Makah Bay, Washington.  A commercial ocean wave project constructed off the northern coast of Portugal in 2005 consists of three 750 kW machines.  The Portuguese consortium in charge of the project intends to order 30 additional machines before the end of 2006, subject to performance of the first three.
  A PowerBuoy float-based device is under development, and the first 50 kW unit of a 1 MW demonstration system was installed in June 2004 at Kaneohe Bay, Oahu, in Hawaii.  This project has $2.8 million in additional funding from the US Navy.  Additionally, a 2 to 5 MW wave power station in France was recently begun, along with a 1.25 MW wave power station in northern Spain.

Cost and Performance Characteristics


Since there has not been large-scale commercialization of any of these technologies, there is a wide range of projected costs.  These costs, and performance estimates, are based on theoretical calculations and are highly uncertain.  
Environmental Impacts


WECSs are generally not considered to be environmentally harmful.  However, there are some concerns with WECSs, including degradation of marine habitat and adverse visual impacts.  These concerns may be mitigated through careful siting of projects.

A.6.1.8.2  Ocean Thermal Energy Conversion.  

Operating Principles


An OTEC plant uses the temperature difference between warm surface water and cold deep water to generate electricity via a heat engine system.  There are multiple configurations under development, but all OTEC facilities operate on the same basic principle.  Comparatively warm surface water is used to heat a working fluid to create vapor and drive a turbine generator.  Cold ocean water at depths exceeding 3,000 feet is then used to condense the working fluid.  When compared to other renewable technologies, one of the greatest advantages of OTEC is the capability to provide baseload continuous power output.
Applications


OTEC is currently in active research and development by several organizations and corporations around the world.  Most of these facilities are operated by laboratories or research organizations and receive the majority of their funding through grants, research foundations, or federal programs.  The OTEC plants constructed or proposed to date have ranged from 18 kW to 10 MW net.

OTEC plants allow a wide range of other services to be derived from the supply of cold deep ocean water, including desalinated water, air conditioning and industrial cooling, aquaculture, and chilled soil agriculture.  Many of the current approaches to commercializing OTEC exploit the added value that these services bring for a small incremental increase in cost.  Since air conditioning and aquaculture can generally use only a small amount of the water required for the OTEC plant, the main value added service is normally desalinated water.

Resource Availability


OTEC requires warm ocean surface water and cold deep ocean water with a temperature difference exceeding 36º F.  Water cold enough to provide the required temperature difference is normally only found at depths of greater than 3,000 feet.  In addition, surface water temperature requirements limit development to tropical waters.  Land-based applications require steep underwater slopes to minimize the length of cold water piping.  If offshore OTEC facilities are considered, the number of suitable locations for OTEC expands.  However, offshore applications would require substantial underwater electricity transmission.

Cost and Performance Characteristics


In general, OTEC plants must be large to be economically viable, but there are no large demonstration plants to provide real-world cost data.  Table A.6-14 presents the estimated performance and costs for onshore and offshore closed cycle OTEC facilities.  

Environmental Impacts


There remain some important questions about the environmental impacts of OTEC plants.  The most frequently raised points are:  changes to thermal, salinity, and nutrient gradients within the vicinity; leakage of working fluid from closed cycle OTEC plants or of the chlorine used for controlling bio-fouling; fatalities of small organisms such as plankton; and the effects on commercial fishing.
A.6.1.8.3  Ocean Tidal.  

Operating Principles


The generation of electrical power from ocean tides is similar to traditional hydroelectric generation.  A tidal power plant consists of a tidal pond created by a dam, a powerhouse in the dam containing a turbo-generator, and a sluice gate in the dam to allow the tidal flow to enter and leave.  Opening the sluice gate in the dam allows the rising tidal waters to fill the tidal basin.  At high tide, these gates are closed, and the tidal basin behind the dam is filled to capacity.  After the ocean waters have receded, the tidal basin is released through a turbo-generator in the dam.  Power may be generated during ebb tide, flood tide, or both.  

	Table A.6-14
Ocean Thermal Energy Technology Characteristics



	
	Onshore
	Offshore

	Performance
	
	

	Typical Duty Cycle
	Baseload
	Baseload

	Net Plant Capacity (MW)
	10
	100

	Capacity Factor (percent)
	90
	90

	Economics ($2006)
	
	

	Total Project Cost ($/kW)
	10,250 to 15,375
	2,563 to 5,125

	Variable O&M ($/MWh)
	13.3 to 25.6
	13.3 to 25.6

	Levelized Cost(1) ($/MWh)
	133 to 206
	46 to 90

	Technology Status
	
	

	Commercial Status
	Initial Demonstration
	Development

	Installed US Capacity (MW)
	0
	0

	(1)The lower levelized costs are based on the low ends of the total project costs, and the higher levelized costs are based on the high ends of the total project costs.


Resource Availability


Because of the intermittent, although predictable, nature of the tidal resource, tidal power is typically used as an intermediate generation source for utilities.  The capacity factor of tidal energy facilities may be expected to be around 25 percent.  A few utility-scale facilities have been developed around the world.  The largest facilities are a 240 MW plant in France and an 18 MW plant in Canada. 

Times and amplitudes of high and low tide are predictable, although these characteristics will vary considerably by region.  Economic studies suggest that tidal power will be most economical at sites where the mean tidal range exceeds about 16 feet.  In the United States, these conditions only exist in Maine and Alaska, which precludes the rest of the country from the economic generation of power from this resource.

Cost and Performance Characteristics


Costs to develop a tidal energy facility are extremely site-specific and can vary considerably.  Therefore, no estimates have been included in this Application.
Environmental Impacts

Utilization of tidal energy for power generation has the environmental advantage of a zero emissions technology.  However, the environmental and aesthetic impact that the facility has on the coastline must be carefully evaluated.  The main barriers to the increased use of tidal energy are the high cost and long period for the construction of the tidal generating system and concerns about impacts on sensitive estuarine ecosystems.  

A.6.1.8.4  Marine Current.  

Operating Principles


Marine current generation is based on capturing the energy from the movement of the ocean. This movement can be in the form of tidal streams, which are caused by the rise and fall of tides. As water flows in and out of estuaries, it carries energy that can be extracted. In some locations, such as the Gulf Stream, water moves in only one direction, and the flow is largely independent of the tides. In practice, electricity generation from marine currents is similar in many ways to electricity generation from wind power. 


Technology in this area is still immature, and designs for tidal stream generators range from horizontal- and vertical-axis turbines to reciprocating hydrofoils and venturi systems. The horizontal- and vertical-axis turbine designs are similar to their counterparts in wind energy.  Power is generated by the rotation or movement of the devices as water flows past them. Currently, a few large-scale prototypes have been built and tested, but no commercial tidal stream projects have yet been completed.
Resource Availability


Because of the intermittent, although predictable, nature of the tidal resource, tidal stream power would typically be used as an intermediate generation source for utilities.  For tidal stream farms, capacity factors may range from around 20 to 45 percent, similar to wind farms.  

In Florida, capturing power from the Gulf Stream was announced as being investigated as a potential power resource in 2004.  The United States Navy was supposed to test a turbine designed by Florida Hydro Power and Light for use in the Gulf Stream.
  Details or results of these tests are not available.

Cost and Performance Characteristics


Since there has not been large-scale commercialization of any of these technologies, there is a wide range of projected costs.  Associated costs and performance estimates are therefore highly uncertain and have not been presented in this Application.  Current cost estimates are much higher than most equivalent costs for other forms of conventional and renewable generation.
Environmental Impacts

Utilization of tidal energy for power generation has the environmental advantage of a zero emissions technology.  However, the environmental impacts that facilities have on the coastline must be carefully evaluated.  The main barriers to the use of tidal stream generation are the immaturity of the technology, high costs, and concerns about impacts on sensitive estuarine ecosystems.  

A.6.2  Conventional and Emerging Technologies

The conventional generating options that were evaluated as potential sources of future capacity for the TEC Participants (FMPA, JEA, RCID, and Tallahassee) are discussed in this section.  Options considered include joint ownership of greenfield units, individual ownership of units at existing Participant sites, and individual ownership of greenfield units.  In addition to a general description, a summary of projected performance, emissions, capital cost, O&M costs, startup costs, construction schedules, scheduled maintenance requirements, and forced outage rates have been developed for each option.


Cost and performance estimates have been developed for several conventional self-build generation technologies that are proven, commercially available, and widely used in the power industry.  Additionally, cost and performance estimates were developed for several types of emerging technologies.  Emerging technologies are technologies that cannot be considered conventional for various reasons, as discussed further in this analysis.  The conventional technologies considered include simple cycle combustion turbines, combined cycle configurations, and CFB units.  The emerging technologies include IGCC units, a new simple cycle combustion turbine (GE LMS100), and new nuclear generating unit designs.

Although the combustion turbines and the combined cycle alternatives discussed herein assume a specific manufacturer (General Electric, or GE) and specific models (e.g., aero​derivative and frame combustion turbines), doing so is not intended to limit the alternatives considered solely to GE models.  Rather, such assumptions were made to provide indicative output and performance data.  Several manufacturers offer similar generating technologies with similar attributes, and the performance data presented in this analysis should be considered indicative of comparable technologies across a wide array of manufacturers. 


The capital cost estimates developed include both direct and indirect costs.  An allowance for general owner’s cost items, as summarized in Table A.6-15, has been included in the cost estimates.  Table A.6-16 presents the matrix of generating unit alternatives considered for selected sites.  The cost estimates were developed on an engineer, procure, and construct (EPC) basis.  The EPC cost estimates were then adjusted, as appropriate, to develop site-specific cost estimates. 
	Table A.6-15

Possible Owner’s Costs


	Project Development
	Owner’s Contingency

	· Site selection study
	· Owner’s uncertainty and costs pending final negotiation

	· Land purchase/rezoning for greenfield sites
	· Unidentified project scope increases

	· Transmission/gas pipeline right-of-way
	· Unidentified project requirements

	· Road modifications/upgrades
	· Costs pending final agreements (i.e., interconnection contract costs)

	· Demolition
	

	· Environmental permitting/offsets
	Owner’s Project Management

	· Public relations/community development

· Legal assistance
	· Preparation of bid documents and the selection of contractors and suppliers

	· Provision of project management
	· Performance of engineering due diligence

	
	· Provision of personnel for site construction management

	
	

	Spare Parts and Plant Equipment
	Taxes/Advisory Fees/Legal

	· Combustion turbine materials, gas compressors, supplies, and parts
	· Taxes

· Market and environmental consultants

	· Steam turbine materials, supplies, and parts
	· Owner’s legal expenses

	· Boiler materials, supplies, and parts
	· Interconnect agreements

	· Balance-of-plant equipment/tools
	· Contracts (procurement and construction)

	· Rolling stock
	· Property

	· Plant furnishing and supplies
	

	
	

	Plant Startup/Construction Support
	Utility Interconnections

	· Owner’s site mobilization
	· Natural gas service

	· O&M staff training
	· Gas system upgrades

	· Initial test fluids and lubricants
	· Electrical transmission

	· Initial inventory of chemicals and reagents
	· Water supply

	· Consumables
	· Wastewater/sewer

	· Cost of fuel not recovered in power sales
	

	· Auxiliary power purchases
	Financing (included in fixed charge rate, but not in direct capital cost)

	· Acceptance testing
	· Financial advisor, lender’s legal, market analyst, and engineer

	· Construction all-risk insurance
	· Loan administration and commitment fees

	
	· Debt service reserve fund


	Table A.6-16
Generating Unit Alternatives for Selected Sites


	Supply Alternatives
	FMPA
	JEA
	RCID
	TALLAHASSEE

	Joint Development Alternatives(1, 2)

	Three 1x1 train IGCC(3)
	Joint
	Joint
	Joint
	Joint

	3x1 GE 7FA combined cycle
	Joint
	Joint
	Joint
	Joint

	Nuclear option(3)
	Joint
	Joint
	Joint
	Joint

	Existing Site--Individual Participant Options

	GE LM6000 simple cycle
	Lake Worth
	No
	No
	Hopkins(5)/Purdom(6)

	GE LMS100 simple cycle(3)
	TCEC
	Northside/Kennedy
	No
	Hopkins(5)/Purdom(6)

	GE 7EA simple cycle
	Lake Worth
	No
	No
	Hopkins(5)/Purdom(6)

	GE 7FA simple cycle
	TCEC
	Northside/Kennedy
	No
	Hopkins(5)

	1x1 GE LM6000 combined cycle
	No
	No
	CEP
	Hopkins(5)

	1x1 GE 7FA combined cycle
	TCEC/Cane Island
	Northside/Kennedy
	No
	Hopkins(5)

	250 MW CFB
	No
	Northside/Kennedy
	No
	Hopkins(5,7)

	Single 1x1 train IGCC
	No
	Kennedy
	No
	Hopkins(5,7)

	Greenfield--Individual Participant Options

	GE LM6000 simple cycle
	Yes
	No
	No
	Yes

	GE LMS100 simple cycle(3)
	Yes
	Yes
	No
	Yes

	GE 7EA simple cycle
	Yes
	No
	No
	Yes

	GE 7FA simple cycle
	Yes
	Yes
	No
	Yes

	1x1 GE LM6000 combined cycle
	No
	No
	No
	Yes

	1x1 GE 7FA combined cycle
	Yes
	Yes
	No
	Yes

	250 MW CFB
	Yes
	Yes
	No
	Yes

	Single 1x1 train IGCC
	Yes
	No(4)
	No
	Yes

	(1)All costs for joint development alternatives were developed assuming installation at a greenfield site.
(2)A joint development CFB option was not evaluated due to similarity with the TEC and higher capital cost resulting from multiple boiler units required for a 750 MW output.

(3)IGCC, nuclear, and the GE LMS100 are considered emerging technologies that are not commercially proven.  Power producing IGCC plants are currently being considered by utilities and developers in the United States, but have yet to be demonstrated commercially.  Although existing nuclear plants are considered proven, future plants will employ new designs and technologies.  The first GE LMS100 entered commercial operation in the United States in July 2006 and, therefore, is not yet considered a commercially proven technology.
(4)Although JEA would consider a greenfield individual IGCC option, for purposes of this Application, a unit at Northside/Kennedy will offer a lower cost due to existing infrastructure and O&M savings.
(5)Not all combinations of individual options can be located at Hopkins.  Transmission infrastructure improvements will be required to accommodate any additional generation at Hopkins.

(6)Not all combinations of individual options can be located at Purdom.  The impact on the environmental signature of any additional combustion turbine installed at Purdom will require a limit on the maximum annual run hours of that unit and require the retrofit of SCR and CO catalyst on the existing Purdom 8 combined cycle unit.

(7)To locate a CFB, IGCC, or any other solid fuel alternative at Hopkins would require the purchase of additional land adjacent to the existing plant site and a citizen referendum (compliant with City of Tallahassee Code of Ordinances and Land Development Code) approving the project.


A.6.2.1  Generating Alternatives Assumptions
A.6.2.1.1  General Capital Cost Assumptions.  Unless otherwise discussed for each site, the following general assumptions were applied in developing the cost and performance estimates:
· The site has sufficient area available to accommodate construction activities including, but not limited to, office trailers, lay-down, and staging.

· Pilings are assumed under major equipment, and spread footings are assumed for all other equipment foundations.  

· All buildings will be pre-engineered unless otherwise specified.

· Construction power is available at the boundary of the site(s).
· Combustion turbines will be dual fueled, with natural gas as the primary fuel and No. 2 ultra-low sulfur diesel (ULSD) fuel oil as the backup fuel.  The cost of fuel unloading and delivery to the site(s) is included.
· Gasifiers for the Tallahassee and FMPA IGCC options will burn bituminous coal, while the gasifiers for JEA and the joint development options will burn petcoke due to the potential for waterborne delivery.  
· The Tallahassee and FMPA CFB options will burn 100 percent bituminous coal, while the JEA CFB options for existing sites with existing barge delivery operations will burn a blend of 80 percent petcoke and 20 percent bituminous coal.   The JEA greenfield CFB option will burn bituminous coal.   
· The LMS100 is assumed to have standard SCR.  The LM6000, 7EA, and 7FA will have hot SCR.  Except for the LMS100, the simple cycle units will not include a CO catalyst, but will have a spool piece for future installation.  
· GE 7FA combined cycle plants will include SCR and a CO catalyst to reduce emissions.

· Standard sound enclosures will be included for the combustion turbines.

· Natural gas pressure is assumed to be adequate for the 7EA simple cycle and the 7FA simple and combined cycle alternatives.  Gas compressors will be included for the LM6000 and LMS100 aeroderivative combustion turbines.  A regulating and metering station is assumed to be part of the owner’s cost for each alternative.

· Demineralized water will be provided via portable demineralizers for simple cycle alternatives and will be supplied by a demineralized water treatment system for the combined cycle and solid fuel options.  

· The LMS100 and the combined cycle alternatives will utilize cooling towers.  Ground water or treated sewage effluent will be used as cooling water.

· The LMS100 has an intercooled compressor and will not utilize inlet cooling.  The LM6000 will include the SPRINT option, and will also include inlet chillers.  The frame machines (simple cycle turbines and combined cycles) will utilize evaporative cooling.

· Field erected storage tanks include the following:

· Service/fire water storage tank.

· Fuel oil storage tank (3 days’ storage capacity).
· Demineralized water storage tank (3 days’ storage capacity).
A.6.2.1.2  Fuel Assumptions.

· Fuel gas is 100 percent methane with 0.2 grain of sulfur per 100 standard cubic feet (scf), with a heat content of 21,515 Btu/lb, lower heating value (LHV).
· Fuel oil is ULSD with 0.0015 percent (by weight) sulfur and maximum 0.015 percent fuel bound nitrogen, and a heat content of 18,400 Btu/lb LHV.
· Coal is western Kentucky bituminous coal with a heat content of 11,600 Btu/lb HHV.
· Petcoke is assumed to have a heat content of 14,000 Btu/lb HHV, 6.5 percent sulfur, and 0.4 percent ash.  
A.6.2.1.3  Direct Cost Assumptions.

· Total direct capital costs are expressed in 2006 dollars.
· Direct costs include the costs associated with the purchase of equipment, erection, and contractors’ services.
· Construction costs are based on an EPC contracting philosophy.
· Spare parts for startup are included.  Initial inventory of spare parts for use during operation is included in the owner’s costs.
· Permitting and licensing are included in the owner’s costs.
A.6.2.1.4  Indirect Cost  Assumptions.  The following items are assumed in the capital cost estimate:

· General indirect costs, including all necessary services required for checkout, testing, and commissioning.

· Insurance, including builder’s risk, general liability, and liability insurance for equipment and tools.
· Engineering and related services.

· Field construction management services including field management staff with supporting staff personnel, field contract administration, field inspection and quality assurance, and project control.

· Technical direction and management of startup and testing, cleanup expense for the portion not included in the direct cost construction contracts, safety and medical services, guards and other security services, insurance premiums, and performance bonds.
· Contractor’s contingency and profit.

· Transportation costs for delivery to the jobsite.

· Startup and commissioning spare parts.

· Interest during construction and financing fees will be accounted for separately in the economic evaluation and, therefore, are not included in the capital cost or owner’s cost estimates.

A.6.2.1.5  Meteorological Conditions.  An average annual temperature and relative humidity of 70º F and 72 percent, respectively, were used for developing performance estimates for use in production cost modeling.  Additionally, a winter temperature of 24º F (relative humidity of 91.9 percent) and a summer temperature of 98º F (relative humidity of 54.9 percent) were used to develop seasonal performance estimates.
A.6.2.1.6  Performance Degradation.  Power plant output and heat rate performance will degrade with hours of operation due to factors such as blade wear, erosion, corrosion, and increased tube leakage.  Periodic maintenance and overhauls can recover much, but not all, of the degraded performance when compared to the unit’s new and clean performance.  The degradation that cannot be recovered is referred to herein as nonrecoverable degradation, and estimates have been developed to capture its impacts.  Nonrecoverable degradation will vary from unit to unit, so specific nonrecoverable output and heat rate factors have been developed and are presented in Table A.6-17.  The degradation percentages are applied one time to the new and clean performance data, and reflect lifetime aggregate nonrecoverable degradation.  
A.6.2.2  Existing Sites

Some Participants have existing generating sites that can accommodate future generating unit expansion.  FMPA will be developing the Treasure Coast Energy Center (TCEC) and can use the existing Cane Island or Lake Worth sites to add generation.  JEA has the existing Northside and Kennedy generating stations that can accommodate future expansion.  RCID will consider 1x1 LM6000 combined cycle generating units at the Central Energy Plant (CEP).  The City of Tallahassee has the existing Hopkins and 

	Table A.6-17
Nonrecoverable Degradation Factors



	Unit Description
	Degradation Factor

	
	Output (%)
	Heat Rate (%)

	GE LM6000 Simple Cycle
	3.2
	1.75

	GE LMS100 Simple Cycle
	3.2
	1.75

	GE 7EA Simple Cycle
	3.2
	1.75

	GE 7FA Simple Cycle
	3.2
	1.75

	GE 1x1 LM6000 Combined Cycle
	3.2
	1.75

	GE 1x1 7FA Combined Cycle
	2.7
	1.50

	GE 3x1 7FA Combined Cycle
	2.7
	1.50

	IGCC
	2.7
	1.50

	CFB
	0.0
	1.50


Purdom sites; however, both sites would require substantial infrastructure improvement and have other factors that limit their capability to accommodate additional generation in their current states.  Generic greenfield generating unit alternatives were also developed for FMPA and JEA, and only greenfield generating unit alternatives were developed for Tallahassee for the reasons described in this section.  


The City of Tallahassee’s existing generating sites (Purdom and Hopkins) can accommodate additional generation.  However, additional transmission infrastructure and or/land, depending upon the unit added, would be required for new unit additions at the Hopkins site beyond already committed projects.  It should be noted that Tallahassee is proceeding with the planned repowering of the existing Hopkins Unit 2 steam turbine to a 1x1 combined cycle (currently scheduled for completion in May 2008) and will continue to evaluate possible repowering to a 2x1 combined cycle in the future.  Any new generation located at the Purdom site (limited to simple cycle combustion turbines only) would have runtime constraints and would require additional emissions controls (SCR and CO catalyst) on the existing Purdom 8 combined cycle.  These additional costs would make the all-in costs of future generating unit additions at either Hopkins or Purdom comparable with the projected all-in costs for greenfield unit additions.  Therefore, for the purposes of this Application, no site-specific assumptions were developed for Tallahassee’s supply-side alternatives, and the costs of each alternative were only developed on a greenfield basis.
The Northside generating station (Northside) is a large acreage site, located in JEA’s north district load center, just north of the portion of the St. Johns River running west to east.  The first generating unit was placed in service at Northside in 1966.  Northside currently consists of generating units that were repowered with two CFBs, one oil-and-gas-fired boiler and steam turbine, and four combustion turbines.  The total summer net capability at Northside is 1,267 MW, and the total winter net capability is 1,301 MW.
The Kennedy generating station (Kennedy) is also a large acreage site, located in JEA’s urban core load center, and consists of a simple cycle GE 7FA and three older combustion turbines.  Two of the combustion turbines were recently placed in reserve shutdown.  The total summer net capability at Kennedy is 312 MW, and the total winter net capability is 379 MW. 
A final Determination of Need Order was issued for Unit 1 at the TCEC site by the Florida Public Service Commission (FPSC) on July 27, 2005.  This site will have adequate acreage to accommodate up to four (including Unit 1) 1x1 GE 7FA combined cycle units or a combination of combined cycle and simple cycle units.  Site certification for TCEC was issued in May 2006.  TCEC is located within Phase III-North of the Midway Industrial Park in St. Lucie County, Florida.  The TCEC site is 5 miles southwest of Ft. Pierce, 8 miles northwest of Port St. Lucie, and occupies 68.1 acres.
Kissimmee Utility Authority’s Cane Island Power Park site is located approximately 5 miles west of the city limits of Kissimmee, Florida.  The site currently has three natural gas and No. 2 oil fueled generating units, including Cane Island 1 (a simple cycle LM6000 combustion turbine), Cane Island 2 (a 1x1 7EA combined cycle), and Cane Island 3 (a 1x1 7FA combined cycle), with a total installed summer capacity of 388 MW.  The units are jointly owned by Kissimmee Utility Authority (KUA) and FMPA.  
The Cane Island site was designed for approximately 1,000 MW of combustion turbine and combined cycle capacity and is served by the Florida Gas Transmission and Gulfstream natural gas pipeline systems.  The site is interconnected at 230 kV with Progress Energy Florida (PEF), Orlando Utilities Commission (OUC), Tampa Electric Company, and KUA.  The site uses treated sewage effluent from Toho Water Authority for cooling water.   FMPA has rights to construct additional generation on the site through the existing Cane Island Participation Agreement.  The site also has rights for additional cooling water from Toho Water Authority.
For the purposes of the economic evaluation performed for FMPA, it has been assumed that the capital costs for units constructed at Cane Island would be similar to the capital costs for similar units constructed at TCEC.  Therefore, site-specific assumptions for FMPA’s 1x1 7FA combined cycle alternative have only been developed for unit additions at TCEC.
The Lake Worth Utilities (LWU) site is located on Florida’s east coast in Palm Beach County.  The Tom G. Smith plant has nine small generating units, five of which are reciprocating engines.  The total capacity of the generating units at the LWU site is 88 MW and 97 MW in the summer and winter seasons, respectively.
The CEP is located in Orlando and has enough available site space to accommodate two additional units.  Current generating resources at the CEP include a 1x1 LM6000 combined cycle and two diesel generators.  The total summer capacity of the generating units located at the CEP is 60 MW.
A.6.2.2.1  Northside Site-Specific Assumptions.  The following assumptions were developed specifically for the Northside site alternatives.  These assumptions were developed to incorporate changes in both the EPC cost and the owner’s cost for each Northside site option:
· The existing coal yard will require modification to accommodate construction of the CFB alternative.
· Additional demolition will be needed for the installation of the 1x1 7FA combined cycle option.

· The existing fuel oil system will be used for backup fuel supply for the simple cycle and combined cycle alternatives.

· Existing site security (fences, gates, etc.) will be used.

· There will be a reduced need for site civil works, surfacing and repaving, size and number of buildings, and site lighting as compared to the greenfield site alternatives.

· The existing site fire protection system, bulk material handling systems, raw water supply systems, sanitary waste systems, and transmission systems will be used.
A.6.2.2.2  Kennedy Site-Specific Assumptions.  The following assumptions were developed specifically for the Kennedy site alternatives.  These assumptions were developed to incorporate changes in both the EPC cost and the owner’s cost for each Kennedy site option:
· Demolition of existing facilities, including the generation building, fuel oil tank, water treatment, and substation, will be required.

· New construction will require refurbishment of the existing dock.

· Upgrades and modifications of the natural gas supply system for increased flow volume and/or pressure will be required for the simple cycle and combined cycle alternatives.

· The existing fuel oil system will be used for backup fuel supply for the simple cycle and combined cycle alternatives.

· The existing site security (fences, gates, etc.) will be used.

· There will be a reduced need for site civil works, surfacing and paving, size and number of buildings, and site lighting as compared to the greenfield alternatives.

· The existing site fire protection system, bulk material handling systems, raw water supply systems, and sanitary systems will be used.

· The existing transmission systems will be used.

A.6.2.2.3  Lake Worth Site-Specific Assumptions.  The following assumptions were developed specifically for the LWU site alternatives.  These assumptions were developed to incorporate changes in both the EPC cost and the owner’s cost for each LWU site option:
· There will be a reduced need for site civil works, surfacing and paving, size and number of buildings, and site lighting as compared to greenfield alternatives.

· The existing fuel oil system will be used for backup fuel supply for the simple cycle alternatives.

· The existing site security (fences, gates, etc.) will be used.

· The existing natural gas pipeline for the simple cycle alternatives will be used.

· The existing transmission systems will be used.

A.6.2.2.4  TCEC Site-Specific Assumptions.  The following assumptions were developed specifically for the TCEC site alternatives.  These assumptions were developed to incorporate changes in both the EPC cost and the owner’s cost for each TCEC site option:
· The planned TCEC Unit 1 gas pipeline will be used, which will be designed to accommodate up to four (including Unit 1) 1x1 GE 7FA combined cycle units.

· The planned TCEC Unit 1 substation will be used.
· Water for cooling tower makeup can be supplied from the planned wastewater treatment plant that Fort Pierce Utilities Authority (FPUA) will construct, in conjunction with development of TCEC Unit 1.
· All wastewaters, except for sanitary waste, will be routed to the FPUA site for disposal in two deep injection wells.

· Service water, evaporative cooler makeup water, demineralizer water makeup, and fire water makeup will be supplied from existing onsite groundwater wells. 

· The planned transmission lines will be used.

· The planned storage pond will be used.

· The planned control room, warehouse, and miscellaneous service buildings will be used.
· The planned service water tank and fuel oil tank will be used.

· The planned oil/water separator will be used. 

· The planned site security (fences, gates, etc.) will be used.

A.6.2.2.5  CEP Site-Specific Assumptions.  The following assumptions were developed specifically for the units considered for the CEP.  These assumptions were developed to incorporate changes in both the EPC cost and the owner’s cost:
· There will be a reduced need for site civil works, surfacing and paving, size and number of buildings, and site lighting as compared to the greenfield alternatives.

· The existing fuel oil system will be used for backup fuel supply for the simple cycle alternative.

· The existing site security (fences, gates, etc.) will be used.

· The existing natural gas pipeline for the simple cycle alternative will be used.

· The existing transmission systems will be used.

A.6.2.3  Generic Site Assumptions


The following assumptions were developed specifically for the generic greenfield site alternatives.  Generic greenfield site alternatives will be developed for the joint development alternatives, and the individual ownership alternatives for FMPA, JEA, and Tallahassee.  The alternatives evaluated for each Participant are presented in Table A.6‑15:
· The plant will not be located on wetlands nor require any other mitigation.

· Service and fire water will be supplied via onsite groundwater wells.

· Potable water will be supplied from the local water utility.

· Wastewater disposal will utilize local sewer systems.

· Cooling water will be treated sewage effluent or groundwater.  Allowances for pipeline costs will be included in the owner’s cost.  
· Costs for transmission lines are included as part of the owner’s cost.  An onsite switching station (230 kV) with a breaker position for each generator is included as part of the direct capital cost.
A.6.2.4  Simple Cycle Combustion Turbine Alternatives

Combustion turbine generators (CTGs) are sophisticated power generating machines that operate according to the Brayton thermodynamic power cycle.  A simple cycle combustion turbine generates power by compressing ambient air and then heating the pressurized air to approximately 2,000º F or more, by burning oil or natural gas, with the hot gases then expanding through a turbine.  The turbine drives both the compressor and an electric generator.  A typical combustion turbine would convert 30 to 35 percent of the fuel to electric power.  A substantial portion of the fuel energy is wasted in the form of hot (typically 900º F to 1,100º F) gases exiting the turbine exhaust.  When the combustion turbine is used to generate power and no energy is captured and utilized from the hot exhaust gases, the power cycle is referred to as a “simple cycle” power plant.


Combustion turbines are mass flow devices, and their performance changes with changes in the ambient conditions at which the unit operates.  Generally speaking, as temperatures increase, combustion turbine output and efficiency decrease due to the lower density of the air.  To lessen the impact of this negative characteristic, most of the newer combustion turbine-based power plants often include inlet air cooling systems to boost plant performance at higher ambient temperatures.  
Combustion turbine pollutant emission rates are typically higher on a part per million (ppm) basis at part load operation than at full load.  This limitation has an effect on how much plant output can be decreased without exceeding pollutant emissions limits.  In general, combustion turbines can operate at a minimum load of about 50 percent of the unit’s full load capacity while maintaining emission levels within required limits.


Advantages of simple cycle combustion turbine projects include low capital costs, short design and construction schedules, and the availability of units across a wide range of capacity.  Combustion turbine technology also provides rapid startup and modularity for ease of maintenance.  


The primary drawback of combustion turbines is that, due to the cost of natural gas and fuel oil, the variable cost per MWh of operation is high compared to other conventional technologies.  As a result, simple cycle combustion turbines are often the technology of choice for meeting peak loads in the power industry, but are not usually economical for baseload or intermediate service.


Three different commercially proven combustion turbine sizes were evaluated.  The GE LM6000 has a nominal output in the range of 50 MW at ISO conditions with the SPRINTTM design feature included.  The GE 7EA has a nominal output of about 85 MW, while the GE 7FA has a nominal output of about 170 MW at ISO conditions.
A.6.2.4.1  GE SPRINT LM6000 Combustion Turbine.  The GE SPRINT LM6000 was selected as a potential simple cycle alternative due to its modular design, efficiency, and size.  It is a two-shaft gas turbine engine derived from the core of the CF6-80C2, GE’s high thrust, high efficiency aircraft engine.  


The LM6000 consists of a five-stage low-pressure compressor (LPC), a 14-stage variable geometry high-pressure compressor (HPC), an annular combustor, a two-stage air-cooled high-pressure turbine (HPT), a five-stage low-pressure turbine (LPT), and an accessory drive gearbox.  The LM6000 has two concentric rotor shafts, with the LPC and LPT assembled on one shaft, forming the LP rotor.  The HPC and HPT are assembled on the other shaft, forming the HP rotor.

The LM6000 uses the LPT to power the output shaft.  The LM6000 design permits direct-coupling to 3,600 revolutions per minute (rpm) generators for 60 hertz (Hz) power generation.  The gas turbine drives its generator through a flexible, dry type coupling connected to the front, or “cold,” end of the LPC shaft.  The LM6000 gas turbine generator set has the following attributes:

· Full power in approximately 10 minutes.

· Cycling or peaking operation.

· Synchronous condenser capability.

· Compact, modular design.

· More than 5 million operating hours.

· More than 450 turbines sold.

· 97.8 percent documented availability.

· LM6000 SPRINTTM - spray intercooling for power boost.

· Dual fuel capability.


The capital cost estimate was based on utilizing GE’s Next-Gen package for the LM6000.  This package includes more factory assembly, resulting in less construction time.  Table A.6-20 presents the operating characteristics of the LM6000 SPRINT combustion turbine at a winter temperature of 24º F (relative humidity of 91.9 percent) and a summer temperature of 98º F (relative humidity of 54.9 percent), and annual average temperature conditions (70º F with a relative humidity of 72 percent).  High temperature SCR would be used to control NOx to 2 ppmvd while operating on natural gas.  Water injection and SCR would be used to control NOx emissions when operating on ULSD.  Table A.6-21 presents estimated emissions for the LM6000.

	Table A.6-20
GE LM6000 PC SPRINT Combustion Turbine Characteristics



	Ambient Condition
	Net Capacity (MW)(1)
	Net Plant Heat Rate
(Btu/kWh, HHV)(1, 2)

	Winter (24º F) (Full Load)
	47.4
	9,637

	Summer (98º F) (Full Load)
	46.2
	10,171

	Average (70º F and 72% R.H.) (Full Load)
	47.3
	9,933

	Average (70º F and 72% R.H.) (75% Load)
	26.5
	11,304

	Average (70º F and 72% R.H.) (50% Load)
	17.5
	13,444

	(1)Net capacity and net plant heat rate include degradation factors, inlet chilling is considered on full load cases above 60º F, and performance is preliminary.

(2)Heat rate assumes operation on natural gas.


	Table A.6-21

GE LM6000 PC SPRINT Estimated Emissions(1)


	NOx, ppmvd at 15% O2
	2

	NOx, lb/MBtu 
	0.0072

	SO2, lb/MBtu 
	0.0005

	Hg, lb/MBtu 
	0.0

	CO2, lb/MBtu 
	114.8

	CO, ppmvd at 15% O2
	29

	CO, lb/MBtu 
	0.0648

	(1)Emissions are at full load at 70º F, reflect operation on natural gas, and include the effects of SCR.


A.6.2.4.2  GE 7EA Combustion Turbine.  The GE 7EA combustion turbine is a highly reliable, mid-size packaged combustion turbine developed specifically for 60 Hz applications.  With design emphasis placed on energy efficiency, availability, performance, and maintainability, the GE 7EA is a proven technology with approximately 800 units installed worldwide, and more than a million hours of operation.  The simple, medium-sized design of the GE 7EA lends to flexibility in plant layout and easy, low-cost addition of increments of power when phased capacity expansion is necessary.  The unit has a 3,600 rpm shaft speed and is directly coupled to the generator.  


The GE 7EA is fuel-flexible and can operate on natural gas, LNG, distillate fuel oil, and treated residual fuel oil.  The 7EA is an ideal generating unit for sites that require efficient peaking generation or reliable capacity from multiple units.  The 7EA is rated at 85.4 MW, which is greater than the LM6000, but less than the 7FA.  For this analysis, it has been assumed that the GE 7EA will be dual-fueled, capable of firing either natural gas or ULSD. 


Table A.6-22 presents the operating characteristics of the GE 7EA combustion turbine at a winter temperature of 24º F (relative humidity of 91.9 percent), a summer temperature of 98º F (relative humidity of 54.9 percent), and an annual average temperature of 70º F (relative humidity of 72 percent).  The 7EA will utilize dry-low NOx combustors and SCR to control NOx to 2 ppmvd on natural gas.  Dry-low NOx combustors, water injection, and SCR will be used for NOx control when firing fuel oil.  Table A.6-23 presents estimated emissions for the 7EA. 
A.6.2.4.3  GE 7FA Combustion Turbine.  The GE 7FA combustion turbine, originally introduced in 1986, is the result of a multi-year development program using technology advanced by GE Aircraft Engines and GE’s Corporate Research and Development Center. The development program facilitated the application of technologies such as advanced bucket cooling techniques, compressor aerodynamic design, and new alloys for F-class gas turbines, enabling these machines to attain higher firing temperatures (2,400º F) than previous generating units.


The GE 7FA combustion turbines have an 18-stage compressor and a 3-stage turbine, and feature cold-end drive and axial exhaust, which is beneficial for combined cycle arrangements.  With reduced cycle time for installation and startup, the GE 7FA can be installed relatively quickly.  The packaging concept of the GE 7FA features consolidated skid-mounted components, controls, and accessories, which reduce piping, wiring, and other onsite interconnection work.
	Table A.6-22
GE 7EA Combustion Turbine Characteristics



	Ambient Condition
	Net Capacity (MW)(1)
	Net Plant Heat Rate
(Btu/kWh, HHV)(1, 2)

	Winter (24º F) (Full Load)
	89.7
	11,793

	Summer (98º F) (Full Load)
	72.4
	12,399

	Average (70º F and 72% RH) (Full Load)
	78.4
	12,134

	Average (70º F and 72% RH) (75% Load)
	58.7
	13,214

	Average (70º and 72% RH) (50% Load)
	39.0
	16,100

	RH = Relative humidity.

(1)Net capacity and net plant heat rate include degradation factors, evaporative cooling is considered at full load cases above 60º F, and performance is preliminary.

(2)Heat rate assumes operation on natural gas.


	Table A.6-23

GE 7EA Estimated Emissions(1)


	NOx, ppmvd at 15% O2
	2

	NOx, lb/MBtu 
	0.0074

	SO2, lb/MBtu 
	0.0005

	Hg, lb/MBtu 
	0.0

	CO2, lb/MBtu 
	114.8

	CO, ppmvd at 15% O2
	25.1

	CO, lb/MBtu 
	0.0549

	(1)Emissions are at full load at 70º F, reflect operation on natural gas, and include the effects of SCR.



The GE 7FA combustion turbine has also exhibited outstanding environmental characteristics.  Because of the higher specific output of these machines, smaller amounts of NOx and CO are emitted per unit of power produced for the same exhaust concentrations as other generating technologies.  GE 7FA turbines have accumulated more than 900,000 operating hours using dry-low NOx burners, which will be part of the NOx control strategy when operating on natural gas.  Evaporative cooling will be used for inlet cooling.  
Table A.6-24 presents the operating characteristics of the GE 7FA combustion turbine at a winter temperature of 24º F (relative humidity of 91.9 percent), a summer temperature of 98º F (relative humidity of 54.9 percent), and an annual average temperature of 70º F (relative humidity of 72 percent).  The 7FA will utilize dry-low NOx combustors and SCR to control NOx to 2 ppmvd on natural gas.  The GE 7FA combustion turbine will be dual-fueled, with water injection used for NOx control when firing fuel oil.   Table A.6-25 presents estimated emissions for the 7FA.
A.6.2.5  Combined Cycle Alternatives
Combined cycle power plants use one or more CTGs and one or more steam turbine generators to produce energy.  Combined cycle power plants operate according to a combination of both the Brayton and Rankine thermodynamic power cycles.  HP steam is produced when the hot exhaust gas from the CTG is passed through a heat recovery steam generator (HRSG).  The HP steam is then expanded through a steam turbine, which spins an electric generator.  It is assumed that duct firing will be used in the combined cycle option.    

Combined cycle configurations have several advantages over simple cycle combustion turbines.  Advantages include increased efficiency and potentially greater operating flexibility if duct burners are used.  Disadvantages of combined cycles relative to simple cycles include a small reduction in plant reliability and an increase in the overall staffing and maintenance requirements due to added plant complexity.
Combined cycle alternatives were considered for both joint and individual ownership.  A 3x1 GE 7FA combined cycle was considered for joint ownership, and a 1x1 GE 7FA combined cycle was considered for individual ownership for JEA, FMPA, and the City of Tallahassee.  The former was selected for joint ownership because it has a similar capacity to TEC.  The Participants are assumed to retain similar ownership shares, on a percentage basis, to the ownership shares of TEC for the 3x1 combined cycle alternative.  In addition, a 1x1 GE LM6000 combined cycle was evaluated for RCID, which has a much smaller system than the other Participants.  
	Table A.6-24
GE 7FA Combustion Turbine Characteristics



	Ambient Condition
	Net Capacity (MW)(1)
	Net Plant Heat Rate
(Btu/kWh, HHV)(1, 2)

	Winter (24º F) (Full Load)
	177.0
	10,585

	Summer (98º F) (Full Load)
	148.5
	11,065

	Average (70º F and 72% RH) (Full Load)
	160.0
	10,826

	Average (70º F and 72% RH) (75% Load)
	119.8
	11,816

	Average (70º and 72% RH) (50% Load)
	79.6
	14,223

	(1)Net capacity and net plant heat rate include degradation factors, evaporative cooling is considered at full load cases above 60º F, and performance is preliminary.

(2)Heat rate assumes operation on natural gas.


	Table A.6-25
GE 7FA Estimated Emissions(1)


	NOx, ppmvd at 15% O2
	2

	NOx, lb/MBtu 
	0.0073

	SO2, lb/MBtu 
	0.0005

	Hg, lb/MBtu 
	0.0

	CO2, lb/MBtu 
	114.8

	CO, ppmvd at 15% O2
	7.5

	CO, lb/MBtu 
	0.0165

	(1)Emissions are at full load at 70º F, reflect operation on natural gas, and include the effects of SCR and dry-low NOx combustors.


A combined cycle based on the 501G CTG was not evaluated for this application, although this technology is a potentially viable alternative.  A 2x1 501G combined cycle would offer a total capacity similar to the 3x1 GE 7FA combined cycle alternative discussed in the following subsection.  When in combined cycle, the 501G offers similar performance levels to a 3x1, with about a 2 percent improvement in efficiency.  Each gas turbine unit offers more output and, therefore, fewer units are required.  The base power island consisting of the gas turbines, HRSGs, and steam turbine has an approximate 8 percent lower cost than a comparably sized 7FA combined cycle.  However, current 501G gas turbines have much higher emissions rates than the 7FA because of their higher firing temperatures and, therefore, require more expensive pollution control equipment to meet acceptable stack emissions rates for permitting.  Therefore, the installed capital cost savings will be less than the cost differential for the power island.  As a result, with the small differential in capital cost and efficiency, the 3x1 7FA combined cycle is considered a comparable alternative to a 2x1 501G combined cycle.  The slight reductions in efficiency and cost offered by the 501G would not change the results of the economic evaluations.  In addition, the 501G combustion turbines have significantly less operating experience compared to the 7FA.  Southern Power Company’s response to the Participants’ RFP, described in Section A.7.0, was based on 501G technology and was considered a conventional alternative and was evaluated for each Participant.   
A.6.2.5.1  GE 7FA Combined Cycle Alternatives.  The 3x1 combined cycle generating unit would include three GE 7FA CTGs, three HRSGs, one steam turbine generator, and a cooling tower.  The 1x1 combined cycle generating unit includes one GE 7FA CTG, one HRSG, and one steam turbine generator.  Both combined cycle units will be dual-fueled, with natural gas as the primary fuel and ULSD as the backup fuel.  Each combustion turbine will include evaporative cooling.

Each HRSG will convert waste heat from the combustion turbine exhaust to steam for use in driving the steam turbine generator.  Each HRSG is expected to be a natural circulation, three‑pressure, reheat unit with supplemental duct firing (on natural gas only) to maintain full steam turbine generator load at all ambient conditions.  SCR and dry low-NOx burners will be included to control NOx to 2 ppmvd while burning natural gas, and a CO catalyst will be included to reduce emissions.  Water injection will be used for NOx control when burning natural gas and ULSD.

The steam turbine is expected to be a tandem-compound, single reheat condensing turbine operating at 3,600 rpm.  The steam turbine will have one HP section, one intermediate-pressure (IP) section, and a two-flow LP section.  Turbine suppliers’ standard auxiliary equipment, lubricating oil system, hydraulic oil system, and supervisory, monitoring, and control systems are included.  A single synchronous generator is included, which will be direct coupled to the steam turbine.  The steam turbine generator will be located outdoors, with a building provided for the major auxiliary electrical power equipment.


Table A.6-26 presents the operating characteristics of the GE 3x1 7FA and the GE 1x1 7FA combined cycle generating units at a winter temperature of 24º F (relative humidity of 91.9 percent), a summer temperature of 98º F (relative humidity of 54.9 percent), and annual average temperature conditions (70º F with a relative humidity of 72 percent).  Table A.6-27 presents estimated emissions for the GE 3x1 7FA and the GE 1x1 7FA combined cycle generating units.

A.6.2.5.2  GE SPRINT LM6000 Combined Cycle.  The GE SPRINT LM6000 was selected as a potential combined cycle alternative for RCID because of its modular design, efficiency, and, most importantly, size.  The SPRINT option includes equipment to inject water into an interstage of the compressor to cool the air and increase overall mass flow through the machine.  As the air droplets evaporate, temperature is reduced, and the mass flow rate is increased.  The LM6000 features a cold end generator drive, which allows for axial exhaust of combustion gases into the HRSG.

The HRSG will be a dual-pressure, natural circulation unit using combustion turbine exhaust to produce HP and LP steam for use in the steam turbine generator. Duct burner capability will be included to increase steam generation capability.  An SCR with ammonia injection skid will be provided.  Additionally, the HRSG will include a spool section for a CO catalyst.  

The capital cost estimate was based on utilizing GE’s Next-Gen package for the LM6000.  This package includes more factory assembly, resulting in less construction time.  Table A.6-28 presents the operating characteristics of the LM6000 SPRINT combustion turbine in combined cycle configuration at annual average temperature conditions (70º F with a relative humidity of 72 percent).  SCR will be used to control NOx to 2 ppmvd while operating on natural gas.  Water injection and SCR will be used to control NOx emissions when operating on ULSD.  Table A.6-29 presents estimated emissions for the LM6000 combined cycle.

A.6.2.6  CFB Alternatives

In a CFB boiler, a portion of the combustion air is introduced through the bottom of the bed.  The bed material normally consists of fuel, limestone (for sulfur capture), and ash.  The bottom of the bed is supported by water cooled membrane walls with specially designed air nozzles, which distribute the air uniformly.  The fuel and limestone are fed into the lower bed where, in the presence of fluidizing air, the fuel and limestone quickly and uniformly mix under the turbulent environment and behave like a fluid.  Carbon 

	Table A.6-26
GE 7FA Combined Cycle Characteristics



	Ambient Condition
	3x1 Combined Cycle
	1x1 Combined Cycle

	
	Net Capacity (MW)(1)
	Net Plant Heat Rate (Btu/kWh, HHV)(1, 2)
	Net Capacity (MW)(1)
	Net Plant Heat Rate (Btu/kWh, HHV)(1, 2)

	Winter (24º F) (Full Load)
	789.4
	7,079
	261.2
	7,132

	Summer (98º F) (Full Load)
	867.9
	7,476
	286.6
	7,545

	Average (70º F and 72% RH) (Full Load)
	907.3
	7,412
	298.8
	7,492

	Average (70º F and 72% RH) (75% Load)(3)
	580.2
	7,282
	191.6
	7,350

	Average (70º F and 72% RH) (50% Load)(3)
	428.4
	7,877
	141.1
	7,968

	(1)Net capacity and net plant heat rate include degradation factors, and performance is preliminary.  Summer and average full load net capacity and net plant heat rate include supplemental firing. 

(2)Heat rate presented assumes operation on natural gas.

(3)Part load performance percent load is based on gas turbine load point.


	Table A.6-27

GE 7FA Combined Cycle Estimated Emissions(1)


	Emission Type
	3x1 Combined Cycle
	1x1 Combined Cycle

	NOx, ppmvd at 15% O2
	2
	2

	NOx, lb/MBtu 
	0.0072
	0.0072

	SO2, lb/MBtu 
	0.0005
	0.0005

	Hg, lb/MBtu 
	0.0
	0.0

	CO, lb/MBtu
	0.0036
	0.0036

	CO2, lb/MBtu
	114.8
	114.8

	(1)Emissions are at full load at 70º F, reflect operation on natural gas, and include the effects of SCR and CO catalyst.


	Table A.6-28
GE 1x1 LM6000 PC SPRINT Combined Cycle Characteristics



	Ambient Condition
	Net Capacity (MW)(1)
	Net Plant Heat Rate
(Btu/kWh, HHV)(1, 2)

	Winter (24º F) (Full Load)
	60.0
	7,806

	Summer (98º F) (Full Load)
	51.0
	8,941

	Average (70º F and 72% RH) (Full Load)
	59.2
	8,562

	Average (70º F and 72% RH) (75% Load)
	37.9
	8,356

	Average (70º F and 72% RH) (50% Load)
	26.4
	9,486

	(1)Net capacity and net plant heat rate include degradation factors, and performance is preliminary.

(2)Heat rate assumes operation on natural gas.


	Table A.6-29
GE 1x1 LM6000 PC SPRINT Combined Cycle Estimated Emissions(1)


	NOx, ppmvd at 15% O2
	2

	NOx, lb/MBtu 
	0.0072

	SO2, lb/MBtu 
	0.0005

	Hg, lb/MBtu 
	0.0

	CO2, lb/MBtu 
	114.8

	CO, ppmvd at 15% O2
	29

	CO, lb/MBtu 
	0.0648

	(1)Emissions are at full load at 70º F, reflect operation on natural gas, and include the effects of SCR.


particles in the fuel are exposed to the combustion air, and the balance of the combustion air is introduced at the top of the lower dense bed.  Such staged combustion limits the formation of NOx.


The bed fluidizing air velocity is greater than the terminal velocity of most of the particles in the bed and, therefore, fluidizing air elutriates the particles through the combustion chamber to the cyclone separators at the furnace exit.  The captured solids, including any unburned carbon and nonutilized calcium oxide (CaO), are re-injected directly back into the combustion chamber without passing through an external recirculation.  The internal solids circulation provides longer residence time for fuel and limestone, resulting in good combustion and improved sulfur capture.  


One of the key and most recognized advantages of CFB technology is its ability to burn a wide variety of low grade fuels such as peat, coal wastes, sludges, municipal wastes, biomass, oil shales, and petcoke, in addition to any high grade coals.  CFBs can be designed to burn these fuels individually or in combination, providing the end user with flexibility in choosing the most economical mix to minimize generation costs.  For evaluation purposes, an 80 percent petcoke and 20 percent western Kentucky bituminous coal blend was considered for the JEA existing site CFB alternatives.  100 percent western Kentucky bituminous coal was considered for the Tallahassee, FMPA, and JEA greenfield CFB options.  

CFBs are also widely recognized as being inherently low in emissions, due in large part to the low combustion temperatures that reduce thermal NOx formation, and the ability to introduce limestone directly into the furnace to control SO2 emissions.  CFB technology has matured to the point that operating plants have demonstrated availability comparable to the most modern solid fuel fired plants.  


The 250 MW CFB unit will include one steam generator and one condensing steam turbine generator.  The steam turbine generator will include a standard sound enclosure and will be housed in an engineered generation building that includes a control room, electrical equipment room, battery room, motor control center, switchgear room, and various offices.  Selective noncatalytic reduction (SNCR) will be used to control NOx emissions, and a fabric filter will be used to control particulate emissions.  In addition to limestone injection into the boiler, a polishing circulating dry scrubber will be used for further SO2 control.  The cooling system will consist of a wet mechanical draft cooling tower.

Table A.6-30 presents the operating characteristics of the CFB alternative at a winter temperature of 24º F (relative humidity of 91.9 percent), a summer temperature of 98º F (relative humidity of 54.9 percent), and an annual average temperature of 70º F (relative humidity of 72 percent).  Table A.6-31 presents the estimated emissions from the CFB unit.
	Table A.6-30
250 MW CFB Characteristics

 

	Ambient Condition
	100 Percent Coal
	80/20 Percent Petcoke/
Coal Blend

	
	Net Capacity (MW)(1)
	Net Plant Heat Rate (Btu/kWh, HHV)(1)
	Net Capacity (MW)(1)
	Net Plant Heat Rate (Btu/kWh, HHV)(1)

	
	
	
	
	

	Winter (24º F) (Full Load)
	248.9
	9,571
	248.4
	9,125

	Summer  (98º F) (Full Load)
	250.0
	9,529
	244.0
	9,288

	Average (70º F and 72% RH) (Full Load)
	250.6
	9,505
	247.3
	9,163

	Average (70º F and 72% RH) (75% Load)
	184.9
	9,750
	185.5
	9,364

	Average (70º F and 72% RH) (50% Load)
	119.2
	10,264
	123.7
	9,650

	Average (70º F and 72% RH) (min Load)
	92.9
	10,682
	74.2
	10,151

	 

(1)Net plant heat rate and net capacity include degradation factors, and performance is preliminary.


	Table A.6-31

250 MW CFB Unit Estimated Emissions(1)
 

	Emission Type
	100 Percent Coal
	80/20 Percent 
Petcoke/Coal Blend

	NOx, lb/MBtu
	0.09
	0.07

	SO2,  lb/MBtu
	0.11
	0.124

	Hg, lb/TBtu
	1.55
	1.55

	CO, lb/MBtu
	0.115
	0.115

	CO2, lb/MBtu
	207.7
	207.7

	(1)Emissions at full load at 70º F.


A.6.2.7  Emerging Technology Alternatives

This section presents an analysis of supply-side technologies that are not considered conventional because of poor reliability, lack of demonstrated performance, or political/regulatory impedance.  The three types of emerging technologies considered are IGCC, the GE LMS100, and nuclear fission.  There are fewer than 20 power producing IGCC plants operating throughout the world, with only two operating in the United States, and many of these plants have experienced reliability problems.  Next generation IGCC technology plants are incorporating design improvements and are under development, but are not assumed to be available for reliable commercial generation until 2018.  The GE LMS100 is a new combustion turbine, and only in July 2006 did the first LMS100 begin commercial operation.  In total, only about half a dozen LMS100 units had been ordered from GE at the time of this report.  Nuclear technology is well understood and commercially proven, but a nuclear plant has not been permitted in the United States for over two decades.  Additionally, future nuclear plants will employ new technologies.  These three emerging technologies are discussed in more detail in the following subsections.
A.6.2.7.1  IGCC Alternatives.  In the IGCC power generation process, fuel (petcoke, coal, or other solid fuel) is converted to syngas, which is treated and then combusted in modified gas turbines in a combined cycle power generation unit.  IGCC advantages include the capability of operating with relatively low emissions, low water usage, and efficiency comparable to CFB and pulverized coal technologies.  The capital and operating costs and availability are currently significant disadvantages for IGCC, but the technology is expected to become more competitive as additional IGCC plants are built and the technology matures.  The cost associated with reducing Hg and CO2 emissions is generally lower for IGCC than for CFB and pulverized coal technologies.


There have been approximately 20 power producing IGCC projects operated throughout the world, and only four power producing IGCC plants that have the ability to use coal or petcoke are currently operating.  These plants have capacities ranging from 250 to 300 MW.  Each of these plants has operated for more than 7 years, and, as an aggregate, they have modestly demonstrated the IGCC technology on a commercial scale.  Two of the four operating, power producing IGCC plants with the ability to operate on coal or petcoke are located in the United States.  Both of these plants were subsidized by the US government.  To date, a large-scale, US-based power producing IGCC plant has not been proven economically feasible without subsidization.

The operating US-based IGCC plants experienced numerous problems during their initial years of operation.  These problems resulted in poor availability and either a net plant heat rate or a net output worse than the designed performance.  Plant modifications and O&M procedure improvements have improved performance.  Low emissions rates, approaching the emissions from natural gas combined cycle power generation, have been demonstrated.  
The complexity and relative immaturity in technology of the IGCC allows opportunities for deficiencies in design, vendor supplied equipment, construction, operation, and maintenance.  However, the experience gained from operating IGCC units will improve the initial availability of new IGCC units.  Significant downtime of the gasifier(s) should still be expected during the first several years of plant operation, making IGCC a more risky technology than pulverized coal or CFB options for reliably meeting future capacity and energy requirements.  However, long-term availabilities for a single-train IGCC unit are expected to range from 80 to 85 percent, and long-term forced outage rates are expected to range from 7 to 10 percent.  If the gas turbine(s) can operate on backup fuel when syngas is not available, the combined cycle availability is expected to exceed 90 percent.
Two separate IGCC alternatives were considered for evaluation, including joint development of a three 1x1 train IGCC by the Participants (with similar ownership shares among the Participants, on a percentage basis, as for TEC) and individual ownership of a single 1x1 train IGCC by FMPA, JEA, and Tallahassee.  Cost and performance estimates have been developed for both the three-train and single-train IGCC alternatives.  The three 1x1 train IGCC alternative would consist of three 1x1 GE 7FB combined cycles, with eight 16 percent (of the total required for the entire three-train configuration) GE Quench, entrained flow gasifiers.  Each combustion turbine would utilize two gasifiers, with two spare gasifiers (for the total plant) to increase reliability.  The single 1x1 train IGCC alternative would consist of a single 1x1 GE 7FB combined cycle and three 50 percent GE Quench entrained flow gasifiers, with the spare 50 percent gasifier included to increase reliability.  The GE Quench entrained flow gasifiers assumed are typical of the gasification technologies that have been previously demonstrated in the United States.
The three-train IGCC option and the brownfield single-train option are assumed to utilize 100 percent petcoke, while the greenfield single-train IGCC alternative is assumed to burn 100 percent western Kentucky bituminous coal.  These assumptions were made to reflect the assumed location of each option.  The joint development three-train IGCC is assumed to be located at a site that will have the capability to economically receive delivery of petcoke, similar to the TEC site.  The single-train IGCC alternatives are assumed to be located at greenfield sites that would not have the capability to economically receive deliveries of petcoke.  


Tables A.6-32A and A.6-32B present the anticipated output and performance of the two IGCC alternatives at a winter temperature of 24º F (relative humidity of 91.9 percent), a summer temperature of 98º F (relative humidity of 54.9 percent), and annual average temperature conditions of 70º F (relative humidity of 72 percent).  Estimated emissions for the IGCC alternatives are presented in Table A.6-33.

A.6.2.7.2  GE LMS100 Combustion Turbine.  The LMS100 is a new GE unit and has the disadvantage of not being commercially proven.  After the reliability of the LMS100 has been successfully demonstrated, it will likely replace the use of two-unit blocks of LM6000s in the future.  
The LMS100 is currently the most efficient simple cycle gas turbine in the world.  In simple cycle mode, the LMS100 has an efficiency of 46 percent, which is 10 percent greater than the LM6000.  It has a high part-load efficiency, cycling capability (without increased maintenance cost), better performance at high ambient temperatures, modular design (minimizing maintenance costs), the ability to achieve full power from a cold start in 10 minutes, and is expected to have high availability, though this availability must be commercially demonstrated before the LMS100 can be considered a conventional alternative.

The LMS100 is an aeroderivative turbine and has many of the same characteristics of the LM6000.  The former uses off-engine intercooling within the turbine’s compressor section to increase its efficiency.  The process of cooling the air optimizes the performance of the turbine and increases output efficiency.  At 50 percent turndown, the part-load efficiency of the LMS100 is 40 percent, which is a greater efficiency than most simple cycle combustion turbines at full load.  

There are two main differences between the LM6000 and the LMS100.  The LM6000 uses the SPRINT intercooling system to cool the compressor with a micro-mist of water, while the LMS100 cools the compressor air with an external heat exchanger after the first stage of compression.  Unlike the LM6000, which has an HP turbine and a power turbine, the LMS100 has an additional IP turbine to increase output efficiency.  


As a packaged unit, the LMS100 consists of a 6FA turbine compressor, which outputs compressed air to the intercooling system.  The intercooling system cools the air, which is then compressed in a second compressor to a high pressure, heated with combusted fuel, and then used to drive the two-stage IP/HP turbine described above.  The exhaust stream is then used to drive a five-stage power turbine.  Exhaust gases are at a temperature of less than 800º F, which allows the use of a standard SCR system for NOx control.  
	Table A.6-32A
Three 1x1 Train and Single 1x1 Train IGCC Alternatives

(Bituminous Coal)


	Ambient Condition
	Three 1x1 Train IGCC
	Single 1x1 Train IGCC

	
	Net Capacity (MW)(1)
	Net Plant Heat Rate
(Btu/kWh, HHV)(1,2)
	Net Capacity (MW)(1)
	Net Plant Heat Rate
(Btu/kWh, HHV)(1,2)

	Winter (24º F) (Full Load)
	870
	9,443
	290
	9,443

	Summer (98º F) (Full Load)
	823
	9.605
	274
	9.605

	Average (70º F and 72% RH) (Full Load)
	864
	9,414
	288
	9,414

	Average (70º F and 72% RH) (75% Load)(3)
	671
	9,939
	224
	9,939

	Average (70º F and 72% RH) (50% Load)(3)
	470
	10,902
	157
	10,902

	(1)Performance assumes operation on bituminous coal.

(2)Net capacity and net plant heat rate include degradation.

(3)Part load performance percentage is based on combustion turbine load point.


	Table A.6-32B
Three 1x1 Train and Single 1x1 Train IGCC Alternatives

(Petcoke)


	Ambient Condition
	Three 1x1 Train IGCC
	Single 1x1 Train IGCC

	
	Net Capacity (MW)(1)
	Net Plant Heat Rate
(Btu/kWh, HHV)(1,2)
	Net Capacity (MW)(1)
	Net Plant Heat Rate
(Btu/kWh, HHV)(1,2)

	Winter (24º F) (Full Load)
	870
	10,049
	290
	10,049

	Summer (98º F) (Full Load)
	823
	10,221
	274
	10,221

	Average (70º F and 72% RH) (Full Load)
	864
	10,018
	288
	10,018

	Average (70º F and 72% RH) (75% Load)(3)
	671
	10,576
	224
	10,576

	Average (70º F and 72% RH) (50% Load)(3)
	470
	11,601
	157
	11,601

	(1)Heat rate assumes operation on petcoke.

(2)Net capacity and net plant heat rate include degradation.

(3)Part load performance percentage is based on combustion turbine load point.


	Table A.6-33
IGCC Unit Estimated Emissions(1)


	Emission Type
	Bituminous Coal IGCC
	Petcoke IGCC

	NOx, lb/MBtu 
	0.06
	0.06

	SO2, lb/MBtu(2)
	0.015
	0.015

	Hg, lb/MBtu 
	0.2
	0.2

	CO2, lb/MBtu
	207
	220

	CO, lb/MBtu
	0.05
	0.05

	(1)Emissions at full load at 70º F, and do not include the effects of SCR or CO catalyst.  There is concern with HRSG fouling when operating the current design of IGCC plants with these systems.

(2)SO2 emissions include SO3.


Table A.6-34 presents the operating characteristics of the LMS100 combustion turbine at a winter temperature of 24º F (relative humidity of 91.9 percent), a summer temperature of 98º F (relative humidity of 54.9 percent), and an annual average temperature of 70º F (relative humidity of 72 percent).  Standard SCR will be used to control NOx to 2 ppmvd while operating on natural gas.  Water injection and SCR will be used to control NOx while operating on ULSD.  Table A.6-35 presents estimated emissions for the LMS100.  

	Table A.6-34
GE LMS100 Combustion Turbine Characteristics



	Ambient Condition
	Net Capacity (MW)(1)
	Net Plant Heat Rate 
(Btu/kWh, HHV)(1, 2)

	Winter (24º F) (Full Load)
	95.6
	8,961

	Summer (98º F) (Full Load)
	86.4
	9,360

	Average (70º F and 72% RH) (Full Load)
	96.5
	9,095

	Average (70º F and 72% RH) (75% Load)
	72.1
	9,543

	Average (70º F and 72% RH) (50% Load)
	47.8
	10,609

	(1)Net capacity and full load net plant heat rate include degradation factors, evaporative cooling is not considered, and performance is preliminary.

(2)Heat rate assumes operation on natural gas.


	Table A.6-35
GE LMS100 Estimated Emissions(1)


	NOx, ppmvd at 15% O2
	2

	NOx, lb/MBtu 
	0.0072

	SO2, lb/MBtu 
	0.0005

	Hg, lb/MBtu 
	N/A

	CO2, lb/MBtu 
	114.8

	CO, ppmvd at 15% O2
	11.4

	CO, lb/MBtu 
	0.025

	(1)Emissions are at full load at 70º F, and include the effects of SCR and CO catalyst.


A.6.2.7.3  Nuclear Fission.  A uranium-fueled nuclear fission process has been used to create energy in the United States for several decades.  Inside a nuclear reactor, uranium atoms are bombarded by neutrons.  Each time a neutron is absorbed by a uranium atom, the atom becomes unstable and splits, a process known as fission.  During this process, the atom produces additional neutrons, usually two and a half for each fission.  These neutrons split more uranium atoms, creating more neutrons.  This scenario perpetuates, resulting in a chain reaction.  The fission process generates heat in the reactor core, and the generated heat is transferred to water, which is circulated to the steam generator.

Currently, nuclear power in the United States faces obstacles related to public perception, capital costs, and environmental issues concerning disposal of spent fuel. Combined, these factors explain why nuclear plants have fallen out of favor as a generating resource.  However, rising fuel prices, greenhouse gas emissions concerns, and increasing energy demand may make new nuclear fission plants a viable option for producing power in the future.
Westinghouse and GE are currently developing and licensing nuclear units with the Nuclear Regulatory Commission (NRC).  The two units are the Westinghouse AP-1000 and the GE ESBWR.  The AP-1000 was approved by the NRC in 2004, and the NRC is expected to approve the ESBWR in 2007.

The units consist of a nuclear island (NI), turbine island (TI), radwaste building, cooling tower, and additional yard facilities.  The units described in this subsection are assumed to be located at a greenfield site in northern Florida.
The TI consists of the steam turbine and the switchgear building.  The switchgear building includes standard electrical equipment and switchgear for a large nuclear unit.

The radwaste building has both liquid and solid radwaste treatment systems.  In addition to the treatment systems, costs for the radwaste building include communications, lighting, and security systems.

The cooling tower is one of the major yard facilities and is assumed to be a mechanical draft cooling tower with a pump house and retention pond.  Other yard facilities include transformers, fuel and chemical storage systems, a makeup water treatment building, grounding system, radwaste tunnel, and a service building. 

The large capacity of a nuclear unit would not be practical to meet each individual Participant’s capacity needs; it is therefore assumed that the unit would be jointly owned, with each Participant retaining a percentage ownership share, which would provide similar capacity to the capacity that each would receive from TEC.  It is further assumed that the Participants would cooperate with other entities to purchase the remaining capacity in excess of the total capacity of TEC.  As such, this option would not be fully committed to by the TEC Participants.

Nuclear units have virtually no emissions, and there will be no emissions control equipment included with the plant.  Currently, there is no way to dispose of spent fuel rods after the fission process, but the operating costs of the nuclear unit include such expenses in the future.  The estimated operating characteristics of the AP-1000 and ESBWR nuclear units are presented in Table A.6-36.

The Energy Policy Act of 2005 included several incentives for new nuclear construction.  The incentives included extending the Price Anderson Act, reauthorizing the Nuclear Power 2010 Program, providing loan guarantees and risk insurance, and extending the production tax credits to nuclear energy.  The US Department of Energy (DOE) has suggested that the incentives are not mutually exclusive and that companies will be able to apply for more than one of the incentives.  


The Price-Anderson Act authorizes methods of insuring the public for damages from nuclear accidents and the Energy Policy Act of 2005 extension includes insuring all power reactors issued construction permits through December 31, 2005.  


The Nuclear Power 2010 program was unveiled in February 2002 and is a joint cost-sharing in cooperation with industry and government to identify sites for new nuclear power plants, develop and bring to market advanced plant designs and nuclear plant technologies (Generation III+), evaluate the business case for building new nuclear power plants, and demonstrate untested regulatory processes
.  The Energy Policy Act of 2005 reauthorized the program.

	Table A.6-36
Nuclear Unit – Performance and Costs



	
	Westinghouse 
AP-1000
	GE ESBWR

	Commercial Status
	Developmental
	Developmental

	Construction Period (months)
	72
	72

	Performance
	
	

	Net Capacity (MW)
	1,200
	1,578

	Net Plant Heat Rate (Btu/kWh)
	9,715
	9,715

	Capacity Factor (percent)
	80 to 90
	80 to 90

	Economics ($2006)
	
	

	Total Project Cost ($/kW)
	2,149
	1,813

	Fixed O&M ($/kW-yr)
	62.5
	62.5

	Levelized Cost(1) ($/MWh)
	48 to 53
	44 to 48

	(1)The low end of the levelized cost is based on a 90 percent capacity factor, and the high end is based on an 80 percent capacity factor.



On August 4, 2006 the DOE finalized a rule enacting the Energy Policy Act of 2005 Standby Support Program, which provides developers of new advanced nuclear plants with risk insurance.  The program allows the DOE to enter into contracts with a maximum of six reactors whereby the first “initial two reactors” are each eligible for indemnification of covered costs up to $500 million per contract for losses due to certain litigation or regulatory-related delays, and the “subsequent four reactors” could receive 50 percent of covered costs, up to $250 million each, after a 180-day delay
.  The Energy Policy Act of 2005 also authorizes the DOE to enter into loan guarantees for projects that reduce, sequester, or are free of emissions and air pollutants and/or those that use new technologies including advanced nuclear power plants.  


The Energy Policy Act of 2005 extended the production tax credits to nuclear energy.  The policy permits taxpayers producing electricity at qualified facilities to claim a credit equal to 1.8 cents per kilowatt-hour of electricity produced for eight years
.  The national capacity limit is 6,000 MW.  Qualifying facilities are those facilities for which construction is proceeding on schedule with an in-service date before 2021
.
A.6.2.8  Capital Costs, O&M Costs, Schedule, and Maintenance  Summary
The capital costs, O&M costs, schedules, forced outage, and maintenance assumptions for the generating alternatives are summarized in Table A.6-34.  All costs are provided in 2006 dollars.  The EPC cost is inclusive of engineering, procurement, construction, and indirect costs for construction of each alternative utilizing a fixed price, turnkey type contracting structure.  Owner’s costs were developed using the previously described assumptions, with site-specific cost additions or reductions as discussed previously.  The assumed owner’s cost allowance is representative of typical owner’s costs, exclusive of escalation, financing fees, and interest during construction, which will be accounted for separately in the economic analyses.  
Fixed and variable O&M costs are also provided in 2006 dollars.  Fixed costs include labor, maintenance, and other fixed expenses excluding backup power, property taxes, and insurance.  Variable costs include outage maintenance, consumables, and replacements dependent upon unit operation.  Construction schedules are indicative of typical construction durations for the alternative technology and plant size.  Actual costs and schedules will vary from the preliminary estimates provided in Table A.6-37.  

The scheduled and forced outage assumptions for the generating alternatives are also presented in Table A.6-37.  
A.6.3  Advanced Technologies


Advanced technologies include developmental technologies near commercial status that offer the potential for cost and efficiency improvements over conventional technologies.  The technologies evaluated include advanced combustion, fuel cell, and coal technologies.
A.6.3.1 Advanced Combustion Turbine Technologies


When used in a combined cycle configuration, combustion turbines have many advantages, including low capital cost, high efficiency, and short construction periods.  This section describes several advanced combustion turbines that can improve output, performance, and efficiency in combined cycle configurations.  Operation of a combustion turbine approaches an idealized thermodynamic cycle called the air-standard 

	Table A.6-37
Capital Costs, O&M Costs, and Schedules for the Generating Alternatives (All Costs in 2006 Dollars)



	Supply Alternative
	EPC Cost ($Millions)
	Owner’s Cost ($Millions)
	Total Cost ($Millions)
	Total Cost ($/kW) at 70° F
	Fixed O&M
($/kW-yr)
	Variable O&M ($/MWh)
	Construction Schedule
(Months)
	Scheduled Maintenance (days)
	Forced Outage (percent)

	Joint Ownership Options

	3x1 GE 7FA
	376.1
	112.9
	488.9
	647.8
	4.89
	4.29
	36
	17
	3.0

	Three-Train 1x1 GE IGCC
	1506.8
	452.0
	1958.8
	2,467.2
	38.41
	5.86
	53
	22
	10.0

	FMPA Brownfield Options

	GE LM6000 SC
	31.0
	7.8
	38.8
	818.0
	16.84
	3.18
	12
	10
	2.0

	GE LMS100 SC
	52.4
	13.1
	65.5
	678.6
	8.80
	3.91
	17
	10
	2.0

	GE 7EA SC
	40.9
	10.3
	51.2
	651.9
	9.05
	18.31
	13
	10
	2.0

	GE 7FA SC
	57.9
	14.5
	72.4
	452.0
	4.82
	24.71
	14
	10
	2.0

	1x1 GE 7FA CC
	157.8
	47.4
	205.1
	685.7
	6.13
	4.36
	30
	14
	3.0

	JEA Brownfield Options(1)

	GE LMS100 SC
	52.1
	13.0
	65.1
	674.5
	8.80
	3.91
	17
	10
	2.0

	GE 7FA SC
	57.3
	14.4
	71.7
	447.9
	4.82
	24.71
	14
	10
	2.0

	1x1 GE 7FA CC
	156.9
	47.1
	204.0
	682.7
	6.13
	4.36
	30
	14
	3.0

	250 MW CFB
	419.0
	125.7
	544.7
	2173
	32.29
	5.09
	41
	21
	5.0

	Single-Train 1x1 GE IGCC
	548.4
	164.5
	712.9
	2,475.4
	40.71
	5.86
	38
	22
	10.0

	RCID Brownfield Option

	1x1 GE LM6000 CC
	56.4
	16.9
	73.3
	1,237.2
	25.79
	2.74
	18
	10
	3.0

	FMPA Greenfield Options

	GE LM6000 SC
	32.8
	8.2
	41.0
	867.2
	22.67
	3.18
	12
	10
	2.0

	GE LMS100 SC
	55.3
	13.8
	69.1
	715.5
	11.66
	3.91
	17
	10
	2.0

	GE 7EA SC
	44.9
	11.3
	56.2
	715.5
	14.51
	18.31
	13
	10
	2.0

	GE 7FA SC
	61.7
	15.5
	77.2
	481.8
	7.50
	24.71
	14
	10
	2.0

	1x1 GE 7FA CC
	170.3
	51.1
	221.3
	741.1
	9.07
	4.36
	33
	14
	3.0

	250 MW CFB
	446.4
	133.9
	580.3
	2,315.5
	38.15
	3.64
	44
	21
	5.0

	Table A.6-37 (Continued)

Capital Costs, O&M Costs, and Schedules for the Generating Alternatives (All Costs in 2006 Dollars)


	Supply Alternative
	EPC Cost ($Millions)
	Owner’s Cost ($Millions)
	Total Cost ($Millions)
	Total Cost ($/kW) at 70° F
	Fixed O&M
($/kW-yr)
	Variable O&M ($/MWh)
	Construction Schedule (Months)
	Scheduled Maintenance (days)
	Forced Outage (percent)

	FMPA Greenfield Options (continued)

	Single-Train 1x1 GE IGCC
	558.6
	167.6
	726.2
	2,893.6
	40.71
	5.86
	41
	22
	10.0

	JEA Greenfield Options

	GE LMS100 SC
	54.7
	13.7
	68.5
	709.3
	11.66
	3.91
	17
	10
	2.0

	GE 7FA SC
	61.3
	15.4
	76.7
	478.7
	7.50
	24.71
	14
	10
	2.0

	1x1 GE 7FA CC
	168.9
	50.6
	219.6
	734.9
	9.07
	4.36
	33
	14
	3.0

	250 MW CFB
	441.6
	132.4
	574.0
	2,290.9
	38.15
	3.64
	44
	21
	5.0

	Tallahassee Greenfield Options

	GE LM6000 SC
	32.4
	8.1
	40.5
	809.8
	22.67
	3.18
	12
	10
	2.0

	GE LMS100 SC
	53.0
	13.3
	66.3
	687.0
	11.66
	3.91
	17
	10
	2.0

	GE 7EA SC
	44.3
	11.1
	55.4
	706.2
	14.51
	18.31
	13
	10
	2.0

	GE 7FA SC
	60.5
	15.2
	75.7
	491.0
	7.50
	24.71
	14
	10
	2.0

	1x1 GE LM6000 CC
	59.5
	17.9
	77.4
	1,307.4
	25.79
	2.74
	18
	10
	3.0

	1x1 GE 7FA CC
	167.1
	50.1
	217.2
	726.7
	9.07
	4.36
	33
	14
	3.0

	250 MW CFB
	435.4
	130.6
	566.0
	2,258.1
	38.15
	3.64
	44
	21
	5.0

	Single-Train 1x1 GE IGCC
	558.6
	167.6
	726.2
	2,893.6
	40.71
	5.86
	41
	22
	10.0

	(1)JEA’s brownfield options do not include anticipated costs for transmission and gas pipeline system upgrades.


Brayton cycle.  The Brayton cycle is an all-gas cycle that uses air and combustion gases as the working fluids, as opposed to the Rankine cycle, which is a vapor-based cycle.  Three Brayton cycles show promise as advanced technologies:  the humid air turbine (HAT) cycle, Kalina cycle, and Cheng cycle.

A.6.3.1.1  Humid Air Turbine Cycle.  The HAT cycle is an intercooled, regenerative cycle burning natural gas with a saturator.  The saturator adds substantial amounts of moisture to the compressor discharge air so that the combustor inlet flow contains 20 to 40 percent water vapor.  The warm humidified air from the saturator is then further heated by the turbine exhaust in a recuperator before being sent to the combustor.  The water vapor adds to the turbine output, while intercooling reduces the compressor work requirement.  The heat addition in the recuperator reduces the amount of fuel heat input required.  Although the HAT cycle may offer future energy efficiencies and cost savings, it is a developmental technology that is not ready for commercial application.  Table A.6‑38 presents typical performance and cost characteristics for the HAT cycle.
	Table A.6-38
HAT Cycle Performance and Costs


	Commercial Status
	Developmental

	Construction Period (months)
	20 to 28

	Performance
	

	Plant Capacity (MW)
	250 to 650

	Net Plant Heat Rate (Btu/kWh)
	6,500

	Capacity Factor (percent)
	60 to 80

	Economics ($2006)
	

	Total Project Cost ($/kW)
	513 to 820

	Fixed O&M ($/kW-yr)
	5.1 to 10.3

	Variable O&M ($/MWh)
	2.1 to 4.1

	Levelized Cost(1) ($/MWh)
	65 to 77

	(1)The low end of the levelized cost is based on an 80 percent capacity factor, 650 MW plant capacity, capital cost of $513/kW, fixed O&M cost of $5.1/kW-year, and variable O&M cost of $2.1/MWh.  The high end of the levelized cost is based on a 60 percent capacity factor, 250 MW plant capacity, capital cost of $820/kW, fixed O&M cost of $10.3/kW-year, and variable O&M cost of $4.1/MWh.


A.6.3.1.2  Kalina Cycle.  The Kalina cycle is a combined cycle plant configuration that injects ammonia into the vapor side of the cycle.  The ammonia/water working fluid provides thermodynamic advantages because of the nonisothermal boiling and condens​ing behavior of the working fluid’s two-component mixture.  Ammonia has a lower boiling point than water, which allows the cycle to start spinning the steam turbine at much lower temperatures than conventional systems. This capability allows more effective heat acquisition, regenerative heat transfer, and heat rejection.


The cycle is similar in nature to the combined cycle process, except that exhaust gas from the combustion turbine enters a heat recovery vapor generator (HRVG).  Fluid (70 percent ammonia, 30 percent water) from the distillation condensation subsystem (DCSS) enters the HRVG to be heated.  A portion of the mixture is removed at an intermediate point from the HRVG and is sent to a heat exchanger, where it is heated with vapor turbine exhaust from the IP vapor turbine.  The moisture returns to the HRVG, where it is mixed with the balance of flow, superheated, and expanded in the vapor turbine generator (VTG).  Additional vapor enters the HRVG from the HP vapor turbine, where it is reheated and supplied to the inlet of the IP vapor turbine.  The vapor exhausts from the vapor turbine and condenses in the DCSS.  The Kalina cycle is still a developmental technology for large-scale applications.  There are currently four plants operating worldwide that use this technology.  Capital costs are still high, and power outputs are limited to under 5 MW.  The Kalina cycle could be retrofitted to an existing plant or gas compressor station to capture waste heat.  Table A.6-39 presents typical performance and cost characteristics for the Kalina cycle.

A.6.3.1.3  Cheng Cycle.  The Cheng cycle is a steam-injected gas turbine, which increases efficiency over the gas turbine cycle by injecting large volumes of steam into the combustor and/or turbine section.  The basic Cheng cycle is composed of a compressor, combustor, turbine, generator, and HRSG.  The HRSG provides injection steam to the combustor as well as process steam.  The amount of steam injection is limited to the allowable loading of the turbine blades.


The typical application of the Cheng cycle is in a cogeneration facility, but it has also been proposed as a retrofit for simple cycle combustion turbines.  Table A.6-40 presents typical performance and cost characteristics for the Cheng cycle.

A.6.3.2  Fuel Cell


Fuel cell technology has been developed by government agencies and private corporations.  Fuel cells are an important part of space exploration and are receiving considerable attention as an alternative power source for automobiles.  In addition to these two applications, fuel cells continue to be considered for power generation to meet permanent and intermittent power demands.  

	Table A.6-39
Kalina Cycle Performance and Costs



	Commercial Status
	Developmental

	Construction Period (months)
	26 to 29

	Performance
	

	Plant Capacity (MW)
	50 to 500

	Net Plant Heat Rate (Btu/kWh)
	6,700

	Capacity Factor (percent)
	60 to 80

	Economics ($2006)
	

	Total Project Cost ($/kW)
	820 to 1,025

	Fixed O&M ($/kW-yr)
	4.1 to 11.3

	Variable O&M ($/MWh)
	2.1 to 4.1

	Levelized Cost(1) ($/MWh)
	71 to 82

	(1)The low end of the levelized cost is based on a 500 MW plant capacity, 80 percent capacity factor, capital cost of $820/kW, fixed O&M cost of $4.1/kW-year, and variable O&M cost of $2.1/MWh.  The high end of the levelized cost is based on a 50 MW plant capacity, 60 percent capacity factor, capital cost of $1025/kW, fixed O&M cost of $11.3/kW-year, and variable O&M cost of $4.1/MWh.


	Table A.6-40
Cheng Cycle Performance and Costs


	Commercial Status
	Developmental (larger units)

	Construction Period (months)
	20 to 28

	Performance
	

	Plant Capacity (MW)
	25 to 250

	Net Plant Heat Rate (Btu/kWh)
	8,000 to 9,000

	Capacity Factor (percent)
	60 to 80

	Economics ($2006)
	

	Total Project Cost ($/kW)
	1,230 to 2,563

	Fixed O&M ($/kW-yr)
	6.2 to 11.3

	Variable O&M ($/MWh)
	2.1 to 4.1

	Levelized Cost(1) ($/MWh)
	87 to 128

	(1)The low end of the levelized cost is based on a 250 MW plant capacity, 8,000 Btu/kWh net plant heat rate, 80 percent capacity factor, capital cost of $1,230/kW, fixed O&M cost of $6.2/kW-year, and variable O&M cost of $2.1/MWh.  The high end of the levelized cost is based on a 25 MW plant capacity, 9,000 Btu/kWh net plant heat rate, 60 percent capacity factor, capital cost of $2,563/kW, fixed O&M cost of $11.3/kW-year, and variable O&M cost of $4.1/MWh.


A.6.3.2.1  Operating Principles.  Fuel cells convert hydrogen-rich fuel sources directly to electricity through an electrochemical reaction.  Fuel cell power systems have the promise of high efficiencies because they are not limited by the Carnot efficiency that limits thermal power systems.  Fuel cells can sustain high efficiency operation even at part load.  The construction of fuel cells is inherently modular, making it easy to size plants according to power requirements.


There are four major fuel cell types under development:  phosphoric acid, molten carbonate, solid oxide, and proton exchange membrane.  The most developed fuel cell technology for stationary power is the phosphoric acid fuel cell (PAFC).  PAFC plants range from around 200 kW to 11 MW in size and have efficiencies on the order of 40 percent.  PAFC cogeneration facilities can attain efficiencies approaching 88 percent when the thermal energy from the fuel cell is utilized for low grade energy recovery.  The development of solid-oxide fuel cell gas turbine combined cycles could potentially allow electrical conversion efficiencies of 60 to 70 percent.  Molton carbonate fuel cells operate at temperatures of 600° C and above, and can attain efficiencies approaching 60 percent. If waste heat is captured, overall thermal efficiency can reach 85 percent or higher. Proton exchange membrane fuel cells operate at lower temperatures and have efficiencies on the order of 40 percent.
A.6.3.2.2  Applications.  Most fuel cell installations generate less than 1 MW.  Commercial fuel cell plants are typically fueled by natural gas, which is converted to hydrogen gas in a reformer.  However, if available, hydrogen gas can be used directly.  Other fuel sources under investigation include methanol, biogas, ethanol, and other hydrocarbons.


In addition to the potential for high efficiency, the environmental benefits of fuel cells remain the primary reasons for their development.  High capital cost, short fuel cell stack life, and uncertain reliability - the primary disadvantages of fuel cell systems - continue to be the focus of research and development.  The cost for these systems is expected to drop significantly as development efforts continue, partially spurred by interest from the automotive transportation sector.  

A.6.3.2.3  Performance and Cost Characteristics.  The performance and cost characteristics of a typical fuel cell plant are shown in Table A.6-41.  Significant cost is required to replace the fuel cell stack every 3 to 5 years because of degradation.  The stack alone can represent up to 40 percent of the initial capital cost.  Most fuel cell technologies are still developmental, and power produced by commercial models is not competitive.  

A.6.3.3  Advanced Coal Technologies

A.6.3.3.1  Pressurized Fluidized Bed.  Coal fired plants continue to supply a large portion of the energy requirements in the United States.  Current research is focused on making the conversion of energy from coal more clean and efficient.  Pressurized fluidized bed systems have been developed to improve coal conversion efficiency.


Pressurized fluidized bed combustion (PFBC) is a variation of fluid bed technology in which combustion occurs in a pressure vessel at 10 to 15 atmosphere.  The PFBC process involves burning crushed coal in a limestone or dolomite bed.  High combustion efficiency and excellent sulfur capture are advantages of this technology.  In combined cycle configurations, PFBC exhaust is expanded to drive both the compressor and CTG.  HRSGs transfer heat from this exhaust to generate steam, in addition to the steam generated from the PFBC boiler.  Overall thermal efficiencies of PFBC combined cycle configurations are 45 to 47 percent.  Second-generation PFBC systems are in the developmental stage.  Since this technology is in the developmental stage, it is difficult to accurately quantify the capital costs.  This technology is not yet mature enough to be considered for a new generation project.  Table A.6-42 presents typical performance and cost characteristics for PFBC.  

	Table A.6-41
Fuel Cell Technology Characteristics



	Commercial Status
	Developmental/Early Commercial

	Performance
	

	Net Capacity per Unit (kW)
	100 to 250

	Net Plant Heat Rate (Btu/kWh)
	7,000 to 9,500

	Capacity Factor (percent)
	30 to 70

	Economics ($2006)
	

	Total Project Cost ($/kW)
	5,125 to 7,175

	Fixed O&M(1) ($/kW-yr)
	513 to 718

	Variable O&M ($/MWh)
	5.1 to 10.3

	Levelized Cost(2) ($/MWh)
	243 to 673

	(1)Includes costs for cell stack replacement every 4 years.  

(2)The low end of the levelized costs are based on a 250 kW plant capacity, 7,000 Btu/kWh net plant heat rate, 70 percent capacity factor, capital cost of $5,125/kW, fixed O&M cost of $513/kW-year, and variable O&M cost of $5.1/MWh.  The high end of the levelized costs are based on 100 kW plant capacity, 9,500 Btu/kWh net plant heat rate, 30 percent capacity factor, capital cost of $7,175/kW, fixed O&M cost of $718/kW-year, and variable O&M cost of $10.3/MWh.


A.6.3.3.2  Advanced Supercritical Cycle.  Supercritical cycles operate above the critical point of water, where there is no distinction between water and steam.  Supercritical cycles have been developed to improve Rankine cycle efficiency.


In the industry, supercritical has typically referred to a cycle with main steam conditions of 3,500 psig and 1,050° F, with single reheat at 1,075° F.  Advanced supercritical cycles generally involve steam conditions with higher temperatures and pressures than the current industry standard, within limits set by current materials.  Currently, this limit is thought to be steam conditions around 4,700 psig at 1,130° F, with double reheat at 1,165° F.  Maximum thermal efficiency may approach 47 percent.  

A.6.3.3.3  Ultrasupercritical Cycle.  Ultrasupercritical represents a step change to temperatures and pressures above those in advanced supercritical.  Main steam conditions of 5,500 psig and 1,300° F are being investigated.  Operation at these conditions will require the development of more advanced materials.  This technology is still in the research and development stage.  Thermal efficiency is predicted to be between 52 and 55 percent.
	Table A.6-42
PFBC Performance and Costs



	Commercial Status
	Developmental

	Construction Period (months)
	32 to 38

	Performance
	

	Plant Capacity (MW)
	150 to 350

	Net Plant Heat Rate (Btu/kWh)
	8,000 to 9,000

	Capacity Factor (percent)
	60 to 80

	Economics ($2006)
	

	Total Project Cost ($/kW)
	1,845 to 2,460

	Fixed O&M ($/kW-yr)
	20.5 to 35.9

	Variable O&M ($/MWh)
	4.1 to 5.1

	Levelized Cost(1) ($/MWh)
	53 to 77

	(1)The low end of the levelized cost is based on a 350 MW plant capacity, 8,000 Btu/kWh net plant heat rate, 80 percent capacity factor, capital cost of $1,845/kW, fixed O&M cost of $20.5/kW-year, and variable O&M cost of $4.1/MWh.  The high end of the levelized cost is based on a 150 MW plant capacity factor, 9,000 Btu/kWh, 60 percent capacity factor, capital cost of $2,460/kW, fixed O&M cost of $35.9/kW-year, and variable O&M cost of $5.1/MWh.


A.6.4  Energy Storage Technologies


Energy storage technologies convert and store electricity, increasing the value of power by allowing better utilization of off-peak baseload generation and the mitigation of instantaneous power fluctuations.  Different types of technologies are available that provide a variety of storage durations.  Storage durations range from microseconds (superconducting magnets, flywheels, and batteries), to minutes (flywheels and batteries), to hours and seasonal storage (pumped hydroelectric, batteries, and compressed air).  An analysis of technologies that could be used on a commercial level is provided in the following subsections.

A.6.4.1  Pumped Hydroelectric Energy Storage


Pumped hydroelectric energy storage is the oldest and most prevalent of the commercial-scale energy storage options.  More than 23,000 MW of pumped storage generation has been installed in the United States.
  A pumped storage hydroelectric facility requires a reservoir/dam system similar to a conventional hydroelectric facility.  During times of minimal load demand, excess low cost energy is used to pump water from a lower reservoir to an upper reservoir above a dam.  When energy is required during the high cost, peak electrical demand periods, the water in the upper reservoir is released through a turbine to produce electricity.  


Capital cost and project lead time are the primary considerations for imple​mentation of this storage technology.  Capital costs are typically very high on a dollar per kW basis, and a 4 or 5 year construction period is common for larger pumped storage facilities.  Additionally, it is difficult to gain environmental approvals for damming up the nation’s river systems or developing reservoirs on mountain tops.  Geographic and geologic conditions largely preclude many areas from consideration of this technology.  Table A.6-43 presents typical performance and cost estimates for pumped hydroelectric energy storage.  

A.6.4.2  Battery Storage


A battery storage system consists of the battery, direct current (dc) switchgear, dc/alternating current (ac) converter and charger, transformer, ac switchgear, and a building to house the components.  During peak power demand periods, the battery system can discharge power to the utility system for about 4 to 5 hours.  The batteries are then recharged during non-peak hours.  In addition to the high initial cost, a battery system would require replacement every 4 to 10 years, depending on the duty cycle.  


Currently, most utility-scale battery systems are lead-acid batteries.  The Electricity Storage Association (ESA) Web site lists five lead-acid battery systems larger than 1 MWh, with the largest being the 10 MW, 40 MWh system at Chino, California.
  The site also provides information on other emerging battery technologies.  The sodium-sulfur (Na-S) technology being developed in Japan is moving toward commercial status.  The ESA site discusses the use of Na-S technology at more than 30 sites in Japan, totaling 20 MW.  Recently, Appalachian Power Company announced the planned deployment of a 1.2 MW Na-S battery energy system near Charleston, West Virginia.
  Table A.6-44 provides the cost and performance characteristics of a 5 MW (15 MWh) system. 

	Table A.6-43
Pumped Hydroelectric Energy Storage Performance and Costs



	Commercial Status
	Commercial

	Construction Period (months)
	12 to 60

	Performance
	

	Plant Capacity (MW)
	30 to 1,500

	Capacity Factor (percent)
	10 to 15

	Economics ($2006)
	

	Total Project Cost ($/kW)
	1,538 to 2,665

	Fixed O&M ($/kW-yr)
	5.1 to 13.3

	Variable O&M ($/MWh)
	2.1 to 5.1

	Levelized Cost(1) ($/MWh)
	154 to 340

	(1)The low end of the levelized cost is based on a 1,500 MW plant capacity, 15 percent capacity factor, capital cost of $1,538/kW, fixed O&M cost of $5.1/kW-year, and variable O&M cost of $2.1/MWh.  The high end of the levelized cost is based on a 30 MW plant capacity, 10 percent capacity factor, capital cost of $2,665/kW, fixed O&M cost of $13.3/kW-year, and variable O&M cost of $5.1/MWh.  The cost of off-peak energy is assumed to be $30/MWh.


	Table A.6-44
Lead-Acid Battery Energy Storage - Performance and Costs



	Commercial Status
	Commercial

	Construction Period (months)
	12 to 18

	Performance
	

	Plant Capacity (MW)
	5

	Energy Capacity (MWh)
	15

	Capacity Factor (percent)
	10 to 15

	Economics ($2006)
	

	Total Project Cost ($/kW)
	2,870 to 3,280

	Fixed O&M ($/kW-yr)
	30.8

	Variable O&M(1) ($/MWh)
	440.8 to 481.8

	Levelized Cost(2) ($/MWh)
	766 to 970

	(1)Includes battery replacement at 10 years.
(2)The low end of the levelized cost is based on a capacity factor of 15 percent, capital cost of $2,870/kW, and variable O&M cost of $440.8/MWh.  The high end of the levelized cost is based on a capacity factor of 10 percent, capital cost of $3,280/kW, and variable O&M cost of $481.8/MWh.


A.6.4.3  Compressed Air Energy Storage


Compressed air energy storage (CAES) is a technique used to supply electrical power to meet peak loads within an electric utility system.  This method uses the power surplus from baseload coal and nuclear plants during off-peak periods to compress and store air in an underground formation.  The compressed air is later heated (with a fuel) and expanded through a gas turbine expander to produce electrical power during peak demand.  A simple compressed air storage plant consists of an air compressor, turbine, generator unit, and a storage vessel.  Exhaust gas heat recuperation can be added to increase efficiency.


The thermodynamic cycle for a compressed air storage facility is similar to that of a simple cycle gas turbine.  Typically, gas turbines will consume 50 to 60 percent of their net power output to operate an air compressor.  In a compressed air storage plant, the air compressor and the turbine are not connected, and the total power generated from the gas turbine is supplied to the electrical grid.  By using off-peak energy to compress the air, the need for expensive natural gas or fuel oil is reduced by as much as two thirds, compared with conventional gas turbines.
  This results in a very attractive heat rate for CAES plants, ranging from 4,000 to 5,000 Btu/kWh.  Since fuel (typically natural gas) is supplied to the system during the energy generation mode, CAES plants actually provide more electrical power to the grid than was used to compress the air.


The location of a CAES plant must be suitable for cavern construction or for the reuse of an existing cavern.  However, suitable geology is widespread throughout the United States, with more than 75 percent of the land area containing appropriate geological formations.
  There are three types of formations that can be used to store compressed gases:  solution mined reservoirs in salt, conventionally mined reservoirs in salt or hard rock, and naturally occurring porous media reservoirs (aquifers). 


The basic components of a CAES plant are proven technologies, and CAES units have a reputation for achieving good availability.  The first commercial-scale CAES plant in the world was a 290 MW plant in Huntorf, Germany.  This plant has been operating since 1978, providing 2 hours of generation with 8 hours of charging.  In 1991, a 110 MW CAES facility was installed in McIntosh, Alabama.  This plant remains the only US CAES installation, although several new plants have been announced recently.  Table A.6-45 lists the performance and cost characteristics of a CAES system.

	Table A.6-45
Compressed Air Energy Storage Performance and Costs



	Commercial Status
	Commercial

	Construction Period, months
	26 to 29

	Performance
	

	Net Plant Capacity (MW)
	100 to 500

	Net Plant Heat Rate (Btu/kWh)
	4,000 to 5,000

	Capacity Factor (percent)
	10 to 25

	Economics ($2006)
	

	Total Project Cost ($/kW)
	492 to 748

	Fixed O&M ($/kW-yr)
	5.1 to 16.4

	Variable O&M ($/MWh)
	3.1 to 6.2

	Levelized Cost(1) ($/MWh)
	102 to 191

	(1)The low end of the levelized cost is based on a 500 MW plant capacity, 4,000 Btu/kWh net plant heat rate, 25 percent capacity factor, capital cost of $492/kW, fixed O&M cost of $5.1/kW-year, and variable O&M cost of $3.1/MWh.  The high end of the levelized cost is based on a 100 MW plant capacity, 5,000 Btu/kWh net plant heat rate, 10 percent capacity factor, capital cost of $748/kW, fixed O&M cost of $16.4/kW-year, and variable O&M cost of $6.2/MWh. Assumes $30/MWh off-peak energy.


A.6.5  Distributed Generation Technologies


There are several advantages associated with using distributed generation technology as a portion of a utility’s generation capacity.  In general, distributed generation options are small, reliable units that can help a utility to adequately meet peak demands.  Distributed generation alternatives can also be used to provide baseload for smaller utilities.  Two types of distributed generation technologies were analyzed.

A.6.5.1  Reciprocating Engines

Reciprocating engines are proven prime movers for electric generation, industrial processes, and many other applications.  Reciprocating engines operate according to either an Otto or Diesel thermodynamic cycle, very much like a personal automobile.  These cycles use similar mechanics to produce work, but differ in the way that they combust fuel.  

Reciprocating engines contain multiple pistons that are individually attached by connecting rods to a single crankshaft.  Fuel is burned at the other end of the piston’s sealed combustion chambers.  A mixture of fuel and air is injected into the combustion chamber, where, after compression, an explosion is caused.  The explosion provides energy to force the pistons down; this linear motion is translated into the angular rotation of the crankshaft by the connecting rods.  The combustion chambers are vented and the piston pushes the exhaust gases out, completing two rotations of the crankshaft.  The process is repeated and work is performed.

Reciprocating engine generator sets are commonly used in power generation, either for emergency backup or peak load shaving.  However, there is also a well established market for installation of generator sets as the primary power source for small power systems and isolated facilities that are located away from the transmission grid.

When used for power generation, medium speed engines (less than 1,000 rpm) are typically used since they are more efficient and have lower O&M costs than smaller, higher speed machines.  Reciprocating engines have relatively constant efficiency rates from 100 to 50 percent load, they have excellent load-following characteristics, and they can maintain guaranteed emissions rates down to approximately 25 percent load, thus providing superior part-load performance.  Typical startup times for larger reciprocating engines are on the order of 15 minutes.  However, some engines can be configured to start up and be completely operational within 10 seconds for use as emergency backup power.

Spark ignition engines are designed to operate on gaseous fuels such as natural gas, propane, and waste gases from industrial processes.  Compression ignition engines are designed to operate on liquid fuels such as diesel fuel oil and biodiesel.  Because they have such flexibility, engine generators are well suited for use as conventional or renewable power generation.  Table A.6-46 provides performance and cost characteristics for typical reciprocating engine installations.  

A.6.5.2  Microturbines


The microturbine is essentially a small version of the combustion turbine.  It is typically offered in the size range of 30 to 60 kW.  These turbines were initially developed in the 1960s by Allison Engine Co. for ground transportation.  The first major field trial of this technology was in 1971, with the installation of turbines in six Greyhound buses.  By 1978, the buses had traveled more than a million miles, and the turbine engine was viewed by Greyhound management as a technical breakthrough.  Since this initial application, microturbines have been used in many applications, including small-scale electric and heat generation in industry, waste recovery, and continued use in vehicles.
	Table A.6-46
Reciprocating Engine Technology Characteristics



	Engine Type
	Spark Ignition (Natural Gas)
	Compression Ignition (Diesel)

	Commercial Status
	Commercial
	Commercial

	Performance
	
	

	Net Plant Capacity (kW)
	1 to 5,000
	1 to 10,000

	Net Plant Heat Rate (Btu/kWh)
	9,700
	7,800

	Capacity Factor (percent)
	30 to 70
	30 to 70

	Economics ($2006)
	
	

	Total Project Cost ($/kW)
	461 to 1,128
	359 to 820

	Variable O&M ($/MWh)
	15.4 to 25.6
	15.4 to 25.6

	Levelized Cost(1) ($/MWh)
	108 to 152
	137 to 172

	(1)The low ends of the levelized costs are based on the higher plant capacities and capacity factors, and the lower capital and O&M costs.  The high ends of the levelized costs are based on the lower plant capacities and capacity factors, and the higher capital and O&M costs.


Microturbines operate on a principle similar to that of larger combustion turbines.  Atmospheric air is compressed and heated with the combustion of fuel, then expanded across turbine blades, which in turn operate a generator to produce power.  The turbine blades operate at very high speeds in these units, up to 100,000 rpm, versus the slower speeds observed in large combustion turbines.  Another key difference between the large combustion turbines and the microturbines is that the compressor, turbine, generator, and electric conditioning equipment are all contained in a single unit about the size of a refrigerator, versus a unit about the size of a railcar. The thermal efficiency of these smaller units is currently in the range of 20 to 30 percent, depending on the manufacturer, ambient conditions, and the need for fuel compression; however, efforts are under way to increase the thermal efficiency of these units to around 40 percent.

Potential applications for microturbines are very broad, given the fuel flexibility, size, and reliability of the technology.  The units have been used in electric vehicles, distributed generation, and resource recovery applications.  These systems have been used in many remote power applications around the world to bring reliable generation outside of the central grid system.  In addition, these units are currently being used in several landfill sites to generate electricity with LFG fuel to power the facilities on the site.  For example, the Los Angeles Department of Water and Power recently installed an array of 50 microturbine generators at the Lopez Canyon landfill.  The project has a net output of 1,300 kW.

Microturbines offer fuel flexibility; fuels suitable for combustion include natural gas, ethanol, propane, biogas, and other renewable fuels.  The minimum requirement for fuel heat content is around 350 Btu/scf, depending upon microturbine manufacturer.

Microturbine costs are often discussed as being about $1,000 per kilowatt, but this is typically just the bare engine cost.  Auxiliary equipment, engineering, and construction costs can be significant.  Table A.6-47 provides performance and cost characteristics for typical microturbine installations.  

	Table A.6-47
Microturbine Technology Characteristics



	Commercial Status
	Early Commercial

	Performance
	

	Net Capacity per Unit (kW)
	15 to 60

	Net Plant Heat Rate (Btu/kWh)
	12,200

	Capacity Factor (percent)
	30 to 70 

	Economics ($2006)
	

	Total Project Cost ($/kW)
	974 to 1,743

	Variable O&M ($/MWh)
	10.3 to 20.5

	Levelized Cost(1) ($/MWh)
	130 to 188

	(1)The low end of the levelized cost is based on 60 kW plant capacity, 70 percent capacity factor, capital cost of $974/kW, and variable O&M cost of $10.3/MWh.  The high end of the levelized cost is based on 15 kW plant capacity, 30 percent capacity factor, capital cost of $1,743/kW, and variable O&M cost of $20.5/MWh.


A.6.6  Supply-Side Screening

A supply-side screening was performed on each of the alternatives described previously in this section.  The supply-side screening considers each alternative’s feasibility, levelized cost, and overall reliability to meet each Participant’s capacity and energy needs.  The levelized cost for each alternative is determined on a dollar per MWh basis and includes capital costs, fuel costs, and O&M costs.  The levelized cost is calculated to reflect an all-in cost for capacity at a given capacity factor and is used to make screening-level comparisons of different technologies.  The costs for each alternative were levelized over an evaluation period equal to the alternative’s unit life.  Conventional alternative unit life assumptions are presented in Section A.4.0.  All other alternatives were levelized over a 20 year period, with the exception of the advanced coal technologies, which were levelized over a 30 year period.    

The alternatives that appear favorable in the supply-side screening will be evaluated further in the economic analyses presented in Section 5.0 of Volumes B through E.  The following subsections present the results of the supply-side screening and a summary of the alternatives that will be considered by each Participant in the detailed economic analysis.
A.6.6.1  Renewable Technologies
Before a supply-side alternative can be appropriately considered for analysis on a levelized cost basis, the technology’s reliability and feasibility to meet the Participants’ capacity needs must be established.  Several of the renewable technologies considered are still in the research and development stage.  As a result of a lack of commercial demonstration, the biomass gasification with IGCC, parabolic dish, central receiver, solar chimney, ocean thermal, and marine current technologies were eliminated from further economic evaluation.

Unlike most of the conventional alternatives, the effectiveness of renewable technologies is highly dependent on the availability and sufficiency of the various renewable resources utilized for electric power production.  Renewable technologies may be commercially viable in some areas of the United States, but unfeasible in other regions because of the high level of dependence on resource availability.  Based on transmission considerations, renewable technology alternatives considered in this analysis were geographically limited to the State of Florida.  Therefore, wind energy, solar parabolic trough, geothermal, and hydroelectric technologies were eliminated from further economic analysis.  While LFG is available at various sites throughout the state, most of the available gas is already being utilized by other utilities, including JEA.  Additionally, the amount of LFG available is not sufficient to mitigate the need for additional capacity for any of the Participants.  Thus, additional LFG generation for JEA and new LFG generation for the other Participants will not be considered.

If an alternative is both commercially proven and feasible, based on resource availability, it can be appropriately considered on a levelized cost basis.  The levelized costs of the remaining renewable alternatives were compared with the costs of conventional alternatives as shown on Figures A.6-2 and A.6-3, which are presented at the end of this section.  For conservative comparison purposes, the conventional alternative levelized costs shown on Figures A.6-2 and A.6-3 reflect the highest cost greenfield units presented in Table A.6-37.  Table A.6-48 presents the midpoint of the range of levelized costs for the renewable alternatives presented earlier in this section.  It should be noted that the average levelized costs for renewable technologies shown in Table A.6-48 do not reflect any potential savings for IPPs, due to the uncertainty regarding extension of the incentives discussed in Section A.6.1.  Although potentially feasible, MSW mass burn, RDF, and solar PV technologies were eliminated from further economic analysis on a levelized cost basis.

	Table A.6-48
Renewable Alternative Screening Results


	Technology
	Average Levelized 
Cost ($/MWh)

	Direct-Fired Biomass
	92

	Biomass IGCC
	105

	Co-Fired Biomass(1)
	29

	Anaerobic Digestion
	61

	Landfill Gas
	47

	MSW Mass Burn
	163

	Refuse-Derived Fuel
	241

	Wind
	165

	Solar Parabolic Trough
	142

	Solar Parabolic Dish
	187

	Central Receiver
	162

	Solar Chimney
	81

	Solar PV Residential
	714

	Solar PV Commercial
	489

	Geothermal
	91

	New Hydroelectric
	85

	Incremental Hydroelectric
	54

	Ocean Thermal Onshore
	170

	Ocean Thermal Offshore
	68

	(1)  Represents average levelized cost for biomass component of the biomass co-firing alternative as discussed in Section A.6.1


Three renewable technology applications that may be feasible from both a cost and reliability standpoint are co-fired biomass, direct-fired biomass, and anaerobic digestion.  Since supply-side alternatives are considered for the Participants’ individual systems, these technologies must be considered separately for each Participant.

The range of levelized costs for co-fired biomass presented on Figure A.6-3 represents the costs for the biomass component of co-firing.  As described in Section A.6.1, this calculation was based on co-firing 20 MW of biomass in a 765 MW supercritical pulverized coal unit, similar to the Taylor Energy Center. 

Since FMPA’s generation system is geographically diverse, it may be possible to economically deliver biomass to one of its existing sites; however, FMPA does not have complete ownership of any solid fuel fired generation unit that is suitable for biomass co-firing.  As a result, biomass co-firing was not considered as a potential supply-side alternative for FMPA in the detailed economic analysis.

JEA could potentially co-fire biomass in its existing Northside Units 1 and 2; however, co-firing at the Northside units would not add any additional capacity to JEA’s system and, therefore, would not mitigate JEA’s need for capacity.  Since it cannot meet capacity needs, biomass co-firing was not considered as a supply-side alternative for JEA’s system.

Like FMPA, the City of Tallahassee and RCID do not have any existing solid fuel fired units in their generating systems.  Since it is not currently possible for either the City of Tallahassee or RCID to co-fire biomass on any of their existing units, biomass co-firing was not considered in the detailed economic analyses for these Participants.  
The range of levelized costs for direct-fired biomass tends to be higher than the range of levelized costs for the conventional baseload alternatives, in particular the conventional solid fueled units (TEC, the CFB, and the IGCC alternatives).  Additionally, the availability of biomass resources for each Participant represents an area of uncertainty, especially as other utilities throughout the State of Florida begin considering biomass generation for their systems and competition for biomass resources intensifies.  Given these considerations, direct-fired biomass was not considered in the detailed base case economic analysis for any of the Participants.  However, a sensitivity analysis was performed for each Participant, which included a 30 MW direct-fired biomass alternative as a supply-side resource.

The levelized cost of the anaerobic digester is competitive with conventional technologies at a 90 percent capacity factor; however, the capacity of the digester considered is only 85 kW.  Even if many of these facilities were available, they could not provide enough capacity to mitigate any Participant’s initial need for capacity.  Therefore, anaerobic digestion was not considered in the detailed economic analyses for FMPA, JEA, the City of Tallahassee, or RCID.
A.6.6.2  Conventional and Emerging Technologies


All of the conventional and emerging technologies presented in Table A.6-37 were compared on a levelized cost basis using the economic parameters described in Section A.4.0.  The screening of conventional and emerging supply-side alternatives was performed for each individual Participant, based on the supply-side alternatives considered for each system as presented in Table A.6-16.  Separate levelized cost curves were developed for peak load and baseload supply-side alternatives.  Figures A.6-4, A.6‑5, and A.6-6 present the levelized cost curves of peak load generating alternatives for FMPA, JEA, and the City of Tallahassee, respectively, while Figures A.6-7, A.6-8, A.6-9, and A.6-10 present the levelized cost curves of baseload generating alternatives for FMPA, JEA, the City of Tallahassee, and RCID, respectively.  Figures A.6-4 through A.6‑10 are presented at the end of this section.

Based on the results presented in the levelized cost curves, all of the conventional and emerging alternatives considered individually by each Participant were included in the detailed economic analyses in Section 5.0 of Volumes B through E, except for the nuclear alternatives.  Although the nuclear alternatives appear attractive for baseload generation, they were not considered in the economic evaluations for a number of reasons.  First, it is assumed that the nuclear alternatives would not be available for commercial operation for at least 15 years because of the time frame for project development, licensing, and construction.  Thus, the first year that the nuclear alternative would be assumed to be available is 2021.  Second, the size of a nuclear unit is such that it would need to be primarily developed and managed by an entity significantly larger than the Participants, even as an aggregate.  Therefore, the Participants would have no control over the schedule of the project.  Finally, while the capital costs for the nuclear alternatives appear very attractive, they are based primarily on vendor estimates.  No new domestic nuclear units have been started in more than 25 years.  While it may be possible to achieve the estimated costs, they represent a tremendous reduction from the costs of the most recently constructed US nuclear unit.

A.6.6.3  Advanced Technologies


Advanced technologies were screened by development status and feasibility.  The advanced combustion, fuel cell, and coal technologies are still considered developmental stage technologies.  Due to the early developmental stages of these technologies and the uncertainty relating to reliability and cost, these advanced technologies were not considered for further evaluation.

A.6.6.4  Energy Storage Systems


Energy storage systems offer the ability to shift demand during on-peak times to off-peak, thereby lowering demand during peak times.  As such, these technologies can only serve peaking loads, not intermediate or baseload demands.  Energy storage technologies include pumped hydroelectric, lead-acid battery, and compressed air.  Each of these technologies stores energy collected during off-peak hours and then releases the energy during peak demand periods.  Energy storage systems were screened by development status and average levelized cost.  Each energy storage technology is considered commercially proven; however, most have a much higher average levelized cost than the conventional alternatives.  In addition, because these technologies rely on storing energy during off-peak periods, they are limited to only peaking applications and, therefore, have lower availability than other conventional alternatives.  As a result, no energy storage technologies were considered for further evaluation.

A.6.6.5  Distributed Generation Technologies

Distributed generation technologies include reciprocating engines and microturbines.  These technologies are typically used for small demand applications.  Reciprocating engines are considered commercially proven, while microturbines are in early commercial deployment.  However, these technologies have a higher average cost than the conventional alternatives and were not considered for further evaluation.
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Figure A.6-2
Comparison of Levelized Costs for Conventional and Renewable Peak Load Supply-Side Alternatives
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Figure A.6-3
Comparison of Levelized Costs for Conventional and Renewable Baseload Supply-Side Alternatives
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Figure A.6-4
FMPA Peak Load Conventional Alternative Levelized Cost Curves
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Figure A.6-5
JEA Peak Load Conventional Alternative Levelized Cost Curves
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Figure A.6-6
The City of Tallahassee Peak Load Conventional Alternative Levelized Cost Curves
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Figure A.6-7
FMPA Baseload Conventional Alternative Levelized Cost Curves
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Figure A.6-8
JEA Baseload Conventional Alternative Levelized Cost Curves
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Figure A.6-9
The City of Tallahassee Baseload Conventional Alternative Levelized Cost Curves
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Figure A.6-10
RCID Baseload Conventional Alternative Levelized Cost Curves
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